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Following recurring corrosion problems and pinhole leaks in the crude unit overhead system
at Yanbu Refinery, an Engineering Services multidisciplinary team comprised of
representatives from Consulting Services, Process and Control Systems and Inspection
Departments was formed to investigate the root causes of these failures and recommend
remedial action. The objectives of this team were not only to analyze the Y anbu Refinery
incidents but also to recommend other refinery specific corrosion control program
improvements and to outline typical operating guidelines and “best practices’. This was
accomplished based on knowledge gained from site visits, review of maor oil company
operating procedures, and consultation with experts.

The study encompassed all Saudi Aramco domestic refineries: Jeddah, Rabigh, Riyadh,
Y anbu and Ras Tanura. The team focused only on crude unit overhead system corrosion
and did not address downstream corrosion concerns in stabilization or vacuum unit
equipment. For the benefit of learning the industry practice outside the realm of Saudi
Aramco, the team: sought consultation and advice on overhead system corrosion from
Chevron Research and Technology Company experts, conducted areview of the SASREF
joint-venture Refinery Crude Distillation Unit at Jubail, and reviewed SAMREF
documentation on the very same subject. Nalco Chemicals technical representatives were
also contacted to provide background on the current chemical treatment program proposed
for the Saudi Aramco refinery operations.

During the course of this study (November, 1996 - March, 1997) and upon the completion
of each refinery facility review, the team issued interim reports to the individual refineries
focusing on three main areas. process, inspection, and corrosion control and monitoring
programs. The interim reports covered in detail the team’s observations, and immediate and
long term recommendations specific to each refinery. The attached final report provides
generalized philosophy, operating guidelines, and “best practices” along with the
summarized recommendations.



Refer your questions, if any, to A. A. Abu Al Saud at 874-6549.

G. A. BARGAWI, Manager
Consulting Services Department

(foeoo—
9 v —
vg\%ZAMN :

attachments

cc Vice President, Engineering Services (w/o attachments)
Vice President, Northern Area Manufacturing (w/o attachment)
Vice President, Jeddah/Riyadh Refining Operations (w/o attachment)
Executive Director, Y anbu Refining (w/o attachments)
Director, Domestic Joint Venture Coordination Dept.
Manager, R&D Technical Support Services Dept.
Manager, Process & Control System Dept.
Manager, Inspection Dept.
Technical Information Center (2 copies)
Coordinator, ME&CCD/CSD
Team Members
CSDL/B

CUO/M FinRep



EXECUTIVE SUMMARY

Corrosion of crude unit overhead equipment and associated piping is a common concern to
al refineries and its causes have been well documented in the open literature. In practice,
mitigation of corrosion in the overhead system functionally relates to the vigilant control of
chlorides in the crude feed to the atmospheric crude tower. An effective corrosion control
program for the overhead system always begins at the upstream end. Close attention to
crude storage tank operations, in the form of adequate settling time, and periodic water
drainage, and optimization of desalter operation, constitute important factors in the
minimization of facility corrosion. Chemical injection reauirements (caustic, neutralizer,
filming amine), on the other hand, are dependent upon the effectiveness of upstream
operations.

Domestic Refineries, that were the subject of the team review, have different system
configurations and capabilities as well as operating philosophies. This covers a wide
spectrum including: desalter single stage and two-stage designs, chemical injection
hardware and location, wash water sources, overhead receiver reflux and product recovery
arrangement, etc. All the domestic refineries are currently utilizing Nalco neutralizer and
filming inhibitor chemicals.

Most of Saudi Aramco domestic refineries are now progressing towards a more expanded
corrosion control program. The most important step has been the optimization of existing
desalter operation. In the past, some of the refineries have bypassed their desalters due to
fouling incidents. The reasons for this have been at least partially resolved and crude unit
desalting capacity is now utilized at most domestic refinery locations. In addition,
continuous overhead water wash systems are being evaluated and scoped aong with
expanded monitoring including on-line pH meter and corrosion probe readout.

Unlike the domestic Refineries, SASREF embraced a different approach to corrosion
control. This approach is oriented towards relying on disciplined operational control and
minimization of operating costs in a competitive environment. SASREF has vigilant crude
tank management which involves frequent analysis, water settlement and drainage, and
thorough caustic mixing. SASREF has no desalting equipment and depends on caustic
injection and cheap ammonia neutralization for overhead corrosion control. There is no
continuous wafer wash or filming inhibitor treatment. Corrosion coupons and probes are not
installed, but instead, an organized corrosion loop inspection program based on “risk to
faillure” and “consequence’ is in force. This approach has resulted in acceptable corrosion
performance history. It is estimated that compared to a typical corrosion program involving
full chemical treatment, the savings in chemicals alone would be approximately
$700/MBPD/Yr. This does not include the Operations & Maintenance (O&M) costs
associated with the related corrosion control equipment. With diligence, Saudi Aramco
could migrate at least part way towards this approach. Some of thc mgor oil companies,
such as Chevron, have enforced tighter operational control and try to rely solely on good
desalter operation, caustic injection, cheap ammonia neutralization, and water wash to
minimize overhead corrosion.
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A real concern impacting the corrosion control program is the operation of refinery units
significantly above original design. In some cases, crude unit desalter and other pertinent
equipment capacities may be exceeded at crude charge rates of 25 - 30 % above design.
Generally speaking, the desalters experience low incoming salt loads, but in some
circumstances, may be hydraulically overloaded so that separation of the water and the
associated dissolved salts is difficult. Elevated crude rates not only put demand on
equipment performance but also may require resources exceeding supply, such as the need
for clean wash water. Also good engineering practice might dictate further process
l[imitations. Therefore, the push towards the implementation of a full corrosion control
program may be limited by the need for additional capital expenditure for debottlenecking.

All the refineries to a certain degree lack the utilization of on-line pH and corrosion probe
monitoring systems. These on-line systems can be used to respond more quickly to process
upsets and can help to minimize costs through optimization of chemical usage. Some
refineries have already started to adopt such systems. Consideration should be given to
incorporate applicable new technology monitoring tools such as flush-mounted ER probes at
certain vulnerable locations.

All Refinery Inspection Units have an On Stream Inspection (OSI) program using
radiographic and ultrasonic thickness (UT) surveys on crude overhead systems. Most of the
units were able to identify a corrosion problem and take the necessary action before failure
occurred. However, some potentially vulnerable areas are not inspected due to the lack of
access. In general, the present (OSI) test point locations and the techniques used may miss
localized corrosion as seen on recent overhead line failures. Recommendations were made
to provide at least temporary access and to conduct more comprehensive inspection work.
The average (OSl) frequency on the overhead lines ranges between three and five years,
mainly in line with T&I scheduling. In some cases the inspection frequency is not in
compliance with the Saudi Aramco Engineering Practices (SAEP-20, Table-1l guidelines).
L ocations with demonstrated high corrosion rates may require on-stream testing outside the
T&I scheduled time window. Also, all the units are inadequately equipped to conduct
thorough (OSI) at elevated on-stream temperatures. Designated chemical injection points
are being inspected by all units; however, there is no documented chemical injection point
inspection program that fully complies with the new API RP 570 inspection guidelines. For
reference, the new guideline isfurnished as an attachment to thisfinal report.

RECOMMENDATIONS

Process

1. Evaluate, as a technology item, two-stage caustic mixing and injection for overhead
chloride control. An effective caustic injection system can reduce neutralizer

consumption and help mitigate downstream fouling tendencies. Consult with
P&CSD/Process Engineering Division.
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. Carefully consider corrosion control program options in the light of continued high
crude charge rates and the impacts on equipment capacity and system capabilities. A
case in point is the installation of a continuous overhead water wash system and the
effect on overhead equipment, liquid handling hydraulics, and overhead line velocity
considerations. One example is the use of preheated boiler feed water as wash water
which increases cooler duty and contributes to high overhead line velocity.

. Overhead Wash Water System: (i) carefully specify the design if a continuous overhead
wash water system is installed. The removable spray nozzle should be an atomizing
type. The nozzle should be located for accessibility and a suitable distance away from
dead legs. The overhead line should be insulated upstream of the water spray nozzle
location; (ii) the overhead wash water source should be de-oxygenated, have low TDS
(< 25 ppmw), and in genera be filtered. If oxygenated sources are used, the receiver
boot water should be checked for oxygen content. Target oxygen content is < 20 ppbw.

Provide appropriate overhead dew point margins to minimize dew point acid corrosion
in the crude column overhead line. Theoretically, we recommend the margin target be
set at 10 °C or more. However, if there is evidence of persistent corrosion in cold spots
defined by thermographic surveys, then the survey results should be incorporated
appropriately and the target adjusted if ambient conditions dictate or heat sinks can not
be eliminated.

. Thetail water chloride target in the overhead receiver should be set at 20 - 25 ppmw or
less. With effective caustic injection, this should be possible given a desalted crude salt
content of 1 - 2 PTB or less. If an outside source of wash water is used other than
recycled receiver boot water, then thistarget should be lowered even further to, say, < 15
ppmw.

. Desalter operation needs further improvement at some refineries. Desalter operations
with low operating temperatures (< 120 °C) should be investigated. Where the desalter
equipment is hydraulically limited, an internals revamp should be considered or other
available capacity put into service. Where desalter makeup wash water supply is
severely limited at high crude charge rate, the refinery should consider installing a
recycle water system.

. If tower top conditions are relatively dry and Monel tray materials and lining are
specified, then the neutralizer injection point should be located in the overhead line
upstream of the filming inhibitor injection point. Thisis recommended to prevent the
possibility of salt buildup in stagnant areas in the top of the tower. To reduce any
plugging tendencies when using neat neutralizer, steam injection can be used at the
neutralizer injection point. Both Yanbu and Jeddah refineries inject neutralizer into the
tower reflux stream.
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8. Two-stage overhead systems should have special considerations in order to provide

effective chemical treatment. Jeddah Refinery should consider separate inhibitor
injection at the inlet of the second stage water coolers, if OSI data can support this. Also
acommingled water sample from both stages should be used for control purposes.

Refineries reporting chemica usage outside the normal range expected for the given salt
and overhead chloride quantities quoted should investigate their usage. (Refer to Table
3). All chemical usage needs to be positively measured by metering pump, meter, or
gauge so that accurate daily consumption can be obtained. Diluent streams should also
be quantified.

10. Initiate a formal monitoring program which can provide historical trends and set

benchmark performance.

Inspection

1. Develop, as atechnology item, high temperature (on-line) Ultrasonic scanning capability
and/or on line continuous Ultrasonic thickness measurement techniques. Consult with
| D/Operations Inspection Division.

2. On Stream Inspection Program: (i) implement OSI inspection frequencies per SAEP-20,

Table-1l guidelines; (ii) take multiple point OSI thickness readings in a360° band with a
minimum of 8- 12 readings per band on lines over 20 inches in diameter; (iii) provide
permanent or temporary access to take OSI thickness readings at preferred locations per
the appropriate OSI schedule; (iv) consider adopting a computerized OSI data
management and analysis program, such as PIPE+ or IDDEAL; (v) re-evauate the
locations of the overhead system corrosion probes based on OSI corrosion rates.

3. Chemical Injection Point Inspection Program: (i) incorporate NACE, Corrosion 1996

Paper No. 588 (attachment 6) and the present API RP 570 inspection guidelines
(attachment 7). Saudi Aramco is in a process of adopting these inspection guidelines,
(if) consider water wash injection points as chemical injection points and inspect
accordingly.

Ultrasonic Thickness Surveys: during T & I, remove the external insulation (if the lineis
insulated) and perform UT surveys in an approximately 1 meter wide 360° band (i)
around the overhead line at 1*, 2™, 3 elbows and 1* tee location plus all potential
impingement locations; (ii) around the overhead line straight sections near chemical
injection points, immediately down stream of 2™ (vertical), and 3% (horizontal) elbows.

All thickness data should be evaluated first before it is permanently recorded. In case of
doubt, the readings should be taken again or an alternative nondestructive testing (NDT)
method should be considered.
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6. Overhead line branch connectinns should be considered as dead legs and should be
monitored accordingly.

7. The elevation profile of the horizontal sections of the overhead line should be evaluated
and OSI testing should be selected accordingly.

8. Deviations Outside Corrosion Control Process Limits: (i) set up a communication
system between Inspection and Operations, to notify Inspection every time the corrosion
control process limits are violated. It would then be the Inspection Unit’s responsibility
to document the cumulative time outside the set control limits; (ii) the Refinery
Inspection Unit should set up a procedure that defines when special action is required
based on the length of operating periods outside the control limits.

9. If avery high short term corrosion is observed close to the main equipment (Column)
the nearest nozzle should also be surveyed thoroughly.

Corrosion _Monitoring & Materials

1. Upgrade all chemica injection quills to removable type in Monel 400, as soon as
possible. Quills should be located at the top (12 0’ clock) position of the horizonta line.

2. On-line Corrosion Monitoring Technique: (i) consider incorporating flush-mounted ER
probes, or other suitable monitoring device, at certain vulnerable locations of the
overhead line, such as downstream of elbows (in the 1" elbow upstream of the chemical
injection points, downstream of 2™ elbow, in the 3* elbow, and selected inlet headers to
the aircoolers); (ii) consider installing corrosion probes and on-line pH meters on the
receiver tail water for data management systems linked to the DCS. Refer to
Attachment 4 (Process Options & Operational Guidelines).

3. Establish a full time dedicated corrosion engineering position with the responsibility for
corrosion monitoring and control throughout the refinery.

4. Follow the misalignment limits for butt welds given in SAES-W-011, to improve
blending at elbow girth welds (sites of increased erosion). This is also important for
relief valve branch lines, to ensure proper drainage.

Tvpical Operational Guidelines

All Saudi Aramco “domestic” and “Joint Venture” refineries were surveyed to acquire
operational experience and current process information. SAMREF was the only location
which was not visited on site, however, their report on the Crude Unit corrosion control was
reviewed by the team. This and information gained through discussion with a specialist
from Chevron Research and Technology Company and Nalco technical staff form the basis
for the team’s establishment of the operational guidelines. This information is detailed on a
PFD Attachment 4 (Process Options & Operational Guidelines) and Table 1 (Materials for
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Crude Unit Trains and Fittings). These industry practical guidelines and targets are also
supplemented by Saudi Ararnco Standards & Engineering Practices.

INTRODUCTION

Review Team: Formation and Review Method

An Engineering Services multidisciplinary team was formed to review the subject of crude
unit overhead corrosion control at all five domestic refineries (Jeddah, Riyadh, Rabigh,
Y anbu, and Ras Tanura). Two unexpected failures in arefinery crude unit overhead line
during 1996 suggested the need for an evaluation of current crude unit overhead corrosion
control practices at al domestic refineries.  The review team also took the opportunity to
visit the SASREF joint-venture refinery in Jubail, to learn their approach to this subject. In
addition, the team also reviewed a report titled ‘SAMREF Experience in Crude Overhead
System Corrosion’ and sought international advice from a specialist with Chevron Research
& Technology Company.

One significant team objective was to identify a common approach for crude unit overhead
corrosion control and monitoring and use this as a company guideline. The review method
adopted was to conduct Site reviews with the aid of a checklist that identified important
parameters and features related to crude unit process operation and corrosion control. The
checklist was sent to each refinery as early as possible prior to each site visit and formed the
basis for the site review and discussion with refinery engineers. Each refinery nominated a
contact engineer, who was conversant with crude unit operation and corrosion control.

The team conducted refinery facility reviews during the period November 1996 through
March 1997. The team’s reviews specifically covered process, inspection and the present
corrosion control program areas. Following each domestic refinery visit, an interim report
was issued highlighting the team’ s principal findings and specific recommendations.

Overhead Corrosion: Mechanism and Control Methods

Corrosion of crude unit overhead equipment and associated piping is a common concern to
all refineries and its causes have been well documented in the open literature. This section
outlines the basic corrosion mechanism in crude unit overhead systems and considers
corrosion control methods such as storage tank settling, the use of desalters, caustic
injection, neutralizers, corrosion inhibitors (filmers) and the use of corrosion resistant alloys
(CRAs).

The crude charge contains natural inorganic salts present within a dispersed water phase.

Hydrolysis of calcium and magnesium chlorides occurs during heating leading to the
formation of hydrochloric acid, described by the following chemical reactions:
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CaCl, + 2H,0 —» Ca(OH), + 2HCI
MgCl, + 2H,0 —» Mg(OH), + 2HCI

Significant hydrolysis of magnesium chloride occurs at around 400 °F, well below the fired
heater outlet temperature of 700 °F. Injection of well-dispersed caustic soda solution
(sodium hydroxide) is utilized to neutralize hydrochloric acid (HCl) prior to fractionation in
the atmospheric crude column. Any free HCI can enter the overhead as hydrogen chloride
vapor, which, upon subsequent condensation at the water dew point, produces a strong acid
that is very corrosive. Effective caustic additions, in crude unit preheat trains, thus reduce
the quantity of overhead chemicals (neutralizer and inhibitor) needed to combat acid
corrosion.

Effective corrosion control begins at the upstream end, paying close attention to crude
storage tank operations. Adequate settling time and periodic water drainage are pre-
requisites to cutting the water (therefore chloride) content in the crude, as well as reducing
suspended solids. An optimized desalter operation also reduces salt levels further, as well as
bottom sediments. Caustic soda is used downstream of the desalter to neutralize the
hydrochloric acid formed from the hydrolyzable salts. Finaly, amine neutralizer and
filming inhibitor chemicals (Nalco 5 151 and Nalco 5 186, respectively) are used for
corrosion control in the overhead. Caustic, neutralizer and filmer chemicals must be
introduced via engineered injection quills to promote proper dispersion. Monel alloys are
used for the column top trays and top shell cladding and are also preferred for all chemical
injection quills.

DISCUSSION

On_stream Inspection

At present all inspection units have an On stream Inspection (OSI) program on crude
overhead (O/H) systems. Most of the units were able to identify the corrosion problem
before failure. At few locations, the OSI program was well documented and implemented
in accordance with the established program. Some units are using the PIPE + computerized
OSI program to record and analyze pipe wall thickness data and schedule inspection
frequencies based on corrosion rate and remaining life calculations. All inspection units use
isometric drawings of the overhead line to identify the Ultrasonic Test (UT) thickness
measuring points. The average inspection (OSI) frequency on the overhead lines ranged
between 3 and 5 years.

Theinternal corrosion in a crude overhead line is dependent on various process variables,
such as.

1. Crude quality (salt and water in the crude),
2. Desdter operation,
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Caustic injection type and location,

Crude column hydrocarbon and steam |oading,

Velocity and turbulence,

Crude column overhead pressure, temperature and water dew point temperature,
Insulation of overhead line,

Overhead vapor neutralizing/filming amine chemicals injection type and locations,
Water wash rate, type and injection locations, or

Pooling of liquidsin horizontal lines.

The corrosion of crude overhead linesis not uniform (general metal 1oss). During certain
changes in the above process variables, the internal corrosion could be very aggressive at
localized areas. The short term metal loss rate of 150 - 200 mpy is not uncommon at
locations of impingement and turbulence when control limits are not maintained. Therefore,
the selection of OSI test points and techniques used are very critical to locate localized
corrosion.

Reviewing the present OSI programs on crude overhead lines, the following areas requiring
improvement were identified:

a)
b)

c)

€)

g)
h)
i)
i)

k)

)

The inspection frequency shall be in compliance with the SAEP-20, Table-ll
guidelines.

All Refinery Inspection Units need to have a documented chemical injection point
inspection program that complies fully with present APl RP 570 inspection
guidelines.

The water wash nozzle was not considered as a chemical injection point.

Present OSI test point locations and the techniques used may miss localized
corrosion as seen on recent overhead line failures. The OSI test point locations
should cover al impingement locations (Tees and Elbows).

Most of the wall thickness values are based on single point readings.

Some units were able to take OSI thickness readings at preferred locations. Others
were unable due to inaccessibility (no scaffolding or platform).

In some units the OSI data management is still in manual format and data analysis
and corrosion rates are not properly documented.

In some units, OSI readings which showed high short term corrosion rates were
ignored since they considered this as resulting from inaccurate thickness readings.
Treat O/H line branch connections for the relief valves as dead legs.

All elevation profiles of horizontal sections of the O/H line should be documented.
Thisinformation isimportant when selecting OSI test points on the bottom of the
line which may contain acidic liquid.

All units should have a procedure that defines when special UT surveys must be
performed based on the frequency and duration when process control limits are not
maintained.

All units are not adequately equipped to perform a thorough OSI program due to
higher temperatures (130 °C) and equipment requirements.
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m) Corrosion rates measured by corrosion probes located in aircoolers showed much
lower rates than OSI Ultrasonic readings.

Metallurgy and Corrosion Monitoring

Carbon steel isthe major material of construction throughout the crude unit system (Table
1). Corrosion resistant alloys (CRAs) are used only sparingly as cladding or linings and for
pre-heat exchanger tubing exposed to potential sulfur corrosion at higher temperatures.
However, CRAs can bejustified for injection quillsand probes. Chemical injection quills
should be made from a CR4 such as Monel 400 (UNS N04400). AISI 300 series austenitic
stainless steels are not recommended for quills in the overhead line since they are
susceptible to stress corrosion cracking in hot chloride environments. Monel 400 is also
used for the top trays in the crude column and as a cladding at the top of the column.

With effective control of crude unit overhead corrosion (e. g. chlorides in receiver water <
25 ppm), carbon steel is the normal material of choice for the overhead line. Although not
normally regarded as necessary, CRA upgrades for the first section of the overhead line, e.
g. up to water wash point, could include either Monel cladding or Incoloy 825 (UNS
N08825). Both Mobil publications (below) and Nickel Development Institute personnel
suggest Incoloy 825 for use in this service, the former recommending its use for column
nozzles only. It is emphasized that such alloy upgrading is not normally afirst choice, since
there are both higher materials costs and possible procurement problems to be faced.

According to the Mobil Engineering Guide (EGE 55-B-1-1988) ‘Materials Application -
Crude Units', Shell and Tube Heat Exchangers are normally specified in carbon steels for
hydrocarbon streams, with upgrades for tubes to 5', Cr - '/, Mo or 410 (12 Cr) stainless
steel for higher temperature (> 650 °F / 343 °C) or severe service. Our refineries (e. g.
Jeddah and Y anbu) have incorporated heat exchanger tubing materials that are generally
consistent with this approach.

Within the aircooler banks, corrosion monitoring with the use of ER probes, supplemented
with corrosion coupons is practiced at all our refineries (see Corrosion Monitoring Summary
Table 2). Some refineries are planning to increase coverage within the aircoolers to include
ER probes at inlet, outlet and other locations. Stagnant and/or impingement areas within the
aircooler banks should be identified for survey work. Location of probes should be
supported by the results of comprehensive field survey work. Thisincreased coverage will
enable better mapping of corrosion activity, especialy if the probes can be linked to DCS
systems or other automated computerized systems located in the refinery control rooms.
DCSintegration of an on-line pH meter on the receiver tail water will provide a means of
identifying excursions outside of control limits. Integration of an on-line pH meter should

include alarms that are triggered automatically if the receiver wafer pH goes outside the
control limits.
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The present major weakness at all refineries is that there is no on-line corrosion monitoring
within overhead lines. All that is performed at the moment are periodic on-stream
inspections. Applicable new technology monitoring tools may help in the future. In the
meantime, consideration should be given to incorporating flush-mounted ER probes (see
Attachments 5a and 5b) at certain vulnerable locations of the overhead line, such as
downstream of elbows (in the 1* elbow upstream of the chemical injection points,
downstream of 2" elbow, in the 3™ elbow and selected inlet headers to the aircoolers). We
recognize that accessibility poses practical difficulties in introducing overhead line
corrosion monitoring. Nonetheless, we believe that it is both feasible and necessary to
perform on-line corrosion monitoring within the overhead line. An on-line integrated
corrosion monitoring system is an ideal goa that may be feasible for some refineries.
Equally important, the review team feels that each refinery could greatly benefit from an
experienced resident Corrosion Engineer. The Corrosion Engineer would be able to give the
complete perspective on corrosion activity throughout the refinery, by analyzing the
problems and data from all sources.

For overhead line or overhead line elbow replacement, attention is drawn to the
misalignment limits for butt welds (the applicable SAES-W-011 paragraph is reprinted
below). Proper blending is especialy important for the case of high overhead vapor
velocities that increase erosion/impingement concerns. (SAES-W-011, Para. 9.3: “Interna
misalignment of butt joints shall not exceed 1.5 mm. Internal tapering in accordance with
ASME B3 1.3 by machining, backwelding, or a combination may be used to correct the
misalignment”). This is also important for relief valve branch lines, to ensure proper
drainage. Relief valve branch lines are regarded as operational dead legs, where dew point
corrosion conditions may occur.

Process Review

A survey of both domestic and joint-venture refineries has shown a wide spectrum of
operating philosophies and capabilities concerning crude unit corrosion control. The most
striking approach to corrosion control was exhibited by SASREF. SASREF’s approach is
oriented towards relying on disciplined operational control and minimization of operating
costs in a competitive environment.  SASREF has vigilant crude tank management which
involves frequent analysis, water settlement and drainage, and thorough mixing. SASREF
has no desalting equipment and depends on caustic injection and cheap ammonia
neutralization for overhead corrosion control. There is no continuous water wash or filming
inhibitor treatment. Corrosion coupons and probes are not installed, but instead, an
organized corrosion loop inspection program based on “risk to failure” and “consequence” is
in force. This approach has resulted in acceptable corrosion performance history. It is
estimated that compared to atypical corrosion program involving full chemical treatment,
the savings in chemicals alone would be approximately $700/MBPD/Yr. This does not
include the O&M costs associated with the related corrosion control equipment. With
diligence, Saudi Aramco could migrate at least part way towards this approach, There is
some risk associated with such an approach in that operational upsets are avoided, dry tower
and overhead line conditions are insured, and chlorides into the system are consistently
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minimized. Some of the major oil companies, such as Chevron, have. enforced tighter
operational control and try to rely solely on good desalter operation, caustic injection,
ammonia neutralization, and water wash to minimize overhead corrosion.

Most of Saudi Aramco domestic refineries are now progressing towards a more expanded
corrosion control program. The most important step has been the optimization of existing
desalter operation. In the past, some of the refineries have bypassed their desalters due to
fouling incidents. The reasons for this have been at least partially resolved and crude unit
desalting capacity is now utilized at all domestic refinery locations with the exception of
Riyadh refinery. In addition, continuous water wash systems are being evaluated and scoped
along with expanded monitoring including on-line pH and corrosion probe readout.

A real concern impacting the corrosion control program is the operation of refinery units
significantly above original design. In some cases, crude unit desalter and other pertinent
equipment capabilities may be exceeded at crude charge rates of 25 - 30 % above design.
Generally speaking, the desalters experience low incoming salt loads, but in some
circumstances, may be hydraulically overloaded so that separation of the water and the
associated dissolved salts is difficult. Elevated crude rates not only put demand on
equipment performance but also may require resources exceeding supply, such as the need
for clean wash water. Also good engineering practice might dictate further process
limitations. Therefore, the push towards the implementation of a full corrosion control
program may be limited by the need for additional capital expenditure for debottlenecking.
One example of this is the employment of an overhead recycle wash water system. A
recycle wash water system affects overhead equipment performance and may present
erosional concerns at high velocities if not properly designed. Each refinery should
carefully evaluate corrosion control options to weigh the perceived benefits against
incremental costs and impacts to its operation.

Corrosion Control Process Options

The purpose of this section is to describe the various process system approaches utilized to
control overhead system acid corrosion. Each of the described options has advantages and
disadvantages, depending upon feedstock qualities, physical configuration, and envisioned
operational risk. Each plant should carefully evaluate these options based on their own
circumstances.

a) Caustic Addition

Overhead Chloride Control: Next to the desalting operation, caustic addition is probably
the most important factor in mitigating hydrogen chloride production in the crude unit
overhead system. The efficient reaction of caustic with the forming hydrochloric acid (HCl)
is primary to corrosion control and can reduce neutralizer consumption costs. This is
accomplished through dispersion and thorough mixing.
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Usually, a dilute caustic (3 - 5 Be®) mixture is utilized to avoid stress corrosion cracking at
elevated temperatures and to reduce fouling tendencies. The water source for the caustic
solution should be of condensate quality. At 1 - 2 PTB of caustic addition, the volumetric
ratio with crude charge would be about 1 : 10,000. In order to effectively accomplish this
mixing, dilute caustic isfirst mixed with a crude slipstream representing approximately 1
vol. % of total charge and the resultant mixture is then injected into the desalted crude
charge via a high velocity quill system.

Both Shell and Chevron employ a two-stage mixing approach for caustic injection and differ
only in the mechanical means for slipstream mixing and the injection location. Two-stage
mixing of dilute caustic solution is a proven approach for efficiently reducing residual
chlorides in the desalted crude. For a given caustic injection rate, two-stage mixing seems
to reduce overhead residual chloride levels over more conventional caustic injection
systems. Conversely, this method of caustic injection can also result in decreased caustic
usage for a given level of chloride concentration. Over-dosage of caustic much beyond the
stoichiometric amount may also increase fouling tendencies. Shell utilizes a vortex mixing
device, while Chevron uses a tee and restriction orifice combination. The biggest
philosophical difference is the location of mixture injection. Chevron chooses to inject the
pre-mixed caustic into the crude charge upstream of the charge heater, while the Shell
injection point is more conventionally located after the desalter. The Chevron installation
has the advantage that exchanger fouling is avoided but some plugging problems around the
restriction orifice have been witnessed. Another aternative when a desalter booster pump is
in place, is to use a recycle line from the pump discharge to the pump suction as the
slipstream.

Desalter Water Effluent pH Control: Some of the refineries use injection of caustic
upstream of the desalter for pH control of the water effluent. If thisis not done carefully,
preheat exchanger fouling and/or emulsion buildup in the desalter may be the result. If the
desalter pH is too high, this might also release anmonia from the water phase into the crude,
which would present further concern in the overhead system.

If the desalter vessel water phase area is lined and the integrity can be insured, then only the
water effluent carbon steel piping needs to be protected. In this case, the preferred method
is direct injection of dilute caustic into the water effluent piping just downstream of the
desalter. If the desalter vessdl is of concern, then caustic should be injected into the desalter
makeup wash water. Uniform mixing may be more easily accomplished at the makeup
wash water surge tank by injecting caustic into the makeup water pump suction.

b) Desalter
Configuration: The electrical desalting equipment is the most significant device used for

controlling the amount of hydrolyzable chloride appearing as hydrogen chloride in the
overhead system. The electrical desalter effectively removes salt containing water and
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water-wet solids after thorough mixing with a clean wash water source. Removal of soluble
sodium saltsis aso significant for downstream conversion units.

Two-stage desalting is utilized in situations involving crudes containing brines with high
salt contents or when stringent specifications for the product crude are required. Riyadh and
Yanbu refineries alone have two-stage desalting. The selection for Riyadh was probably
based on supplying sales specification crude to SCECO for power generation. A typica

specification for two-stage desalting would be: 0.1 vol. % BS&W maximum; and a
maximum salt content of 1.0 PTB or 10 % of incoming charge salt, whichever is greater.

For the two-stage configuration, makeup wash water is routed in a counter-current manner
to the second stage mix valve and the effluent water from the second stage is then pumped
to the mix valve at the inlet of the first stage. If the availability of makeup water is limiting
efficient desalting, then recycling part of the first stage desalter effluent water to the makeup
surge drum on flow control might be considered. This can apply to single-stage
configurationsaswell.

Wash Water: The desalter makeup wash water should be oxygen free and have a low level
of dissolved solids. Ideally, the wash water should meet condensate or stripped sour water
gualities. Makeup wash water can be split and a portion routed to the front-end of the
preheat just downstream of the charge pumps while the remainder is routed upstream of the
desalter mix valve. A typical split might be 2 vol. % and 3 vol. % of crude charge rate to
the preheat and mixing valve, respectively. In the majority of the cases, splitting the wash
water improves desalting and alleviates any fouling which might be present. However, if
fouling is not evident, it is questionable whether or not any investment associated with
splitting the makeup water would be justified. This could be supported further by a cheap
field trial. If the availability of relatively cheap makeup water is lacking, then the refinery
should investigate the use of water recycle. |If possible, avoid sending recycle water to the
preheat exchangers when splitting the wash water requirement. The cleanest source of water
should be preferentially routed to this|ocation.

Demulsifier: Emulsion breakers can be used to improve the separation of crude oil and
water and reduce crude salt content. These chemicals are also capable of water wetting
suspended solids which are then removed in the water phase. One strategy of emulsion
breaker utilization is to optimize mixing valve pressure drop enabling a more efficient
contact of the wash water with the oil. Because there is more shearing of the water-oil
mixture, the water droplet size distribution is smaller and the emulsion breaker then comes
into play by aiding the coal escence of the water phase.

After good overall desalter operation is established, emulsion breaker addition can be used
as a polishing step. Emulsion breaker chemicals work best under steady operation with few
upsets in incoming water content, pH control, and wash water quality. To date, the use of
emulsion breakers in Saudi Aramco refineries has been unsuccessful. This statement is also
based on recent trials at both Jeddah and Y anbu refineries.
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¢) Overhead Water Wash

Corrosion Control:  Overhead water wash stabilizes pH control, helps to solubilize salts,
and aids in flushing corrosion products and other solids from exchanger tubes. Solid salt
formation is the first step in initiating under-deposit corrosion. The water wash is especialy
valuable when using ammonia as a neutralizer. |f the overhead chloride content is relatively
high, then ammonium chloride deposits can form at temperatures above the water dew point.
Enough water is added as wash water near the top of the tower to raise the overhead vapor
water dew point as quickly as possible in order to prevent salt deposits. This also resultsin
partial condensation of the hydrocarbon phase which serves as additional carrier for the
inhibitor chemical. In fact, some will recommend over-saturation to provide even better
liquid distribution to each exchanger bank or bundle for dispersion of the inhibitor.

The value of continual water wash when utilizing amine based neutralizers is diminished
somewhat. This is especially true if good desalter operation can be established so that
overhead chloride targets are met on a continuous basis. Nalco 515 I's (a neutralizer)
reaction product with hydrochloric acid is touted to be a non-deposit mobile salt. If thisis
the case, then the chances of salt deposition and resulting under-deposit corrosion should be
considerably reduced. Continual water wash may present some process limitations and
other risks as discussed below.

Process Limitations and Concerns.  The introduction of a continual water wash system can
present serious equipment limitations if water wash was not incorporated already as part of
the original design concept. Possible limitations are:

1. Exchanger performance especially in regard to air coolers during summer time
conditions,

2. Overhead receiver oil-water phase separation efficiency,

3. Overhead piping velocities and erosional concerns, and

4. Existing pump and piping hydraulics for delivery of wash water to the overhead
line.

These limitations may be even more significant in view of the fact that many of the
refineries are running Notably above crude charge design capacity. An evaluation should be
completed to determine the actual impact to unit performance. This evaluation along with
any capital and maintenance expenditures envisioned should be weighed against the
perceived benefits.

System Design: The typical and probably most economical approach is to use recycle from
the overhead receiver as wash water. However, other external sources with low TDS and
containing no oxygen can be used. Wash water should be injected on the vertical piping
drop downstream of chemical injection. Dead legs near the injection point should be
avoided. The water should be filtered and injected through a removable atomizing style of
spray nozzle. The idea is to vaporize the water as quickly as possible by producing literally
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a fog of water. This also produces a droplet size which minimizes possible erosional
impingement near the injection point location.

d) Overhead Chemical Treatment ‘
Description & Usage: Nalco products, 5151 (neutralizer) and 5 186 (filming inhibitor), are
used at all the Saudi Aramco refineries. The Nalco 5151 product is amine based (MEA &
MOPA), completely soluble in water, and forms a non-deposit mobile salt when reacted
with hydrogen chloride. This neutralizer is volatilized at top tower conditions. Nalco 5 186
is aromatic based with an active ingredient of imidazoline and is oil soluble, and effective
over awide range of pH.

Configuration Considerations: Chemical system design depends on the overhead system
configuration. Ras Tanura and Jeddah refineries both have two-stage overhead systems, but
Ras Tanura has a cold refluxed system, while Jeddah has a hot refluxed system. Neutralizer
added ahead of the first stage receiver is solubilized in the water formed. Ideally, this wafer
should be pumped to the inlet of the second stage cooler. Thisis not the case for Jeddah
refinery. Since Jeddah'’s first stage is on reflux service any inhibitor injected upstream is
refluxed back to the tower. This essentially means that Jeddah’s second stage is not
receiving protection from the filming inhibitor injected. If OSI data support it, Jeddah
refinery should consider inhibitor injection at both stages. Ras Tanura pumps al condensate
formed in the first stage to theinlet of the second stage equipment.

System Design: Neutralizer and inhibitor are injected as near as possible to the top of the
crude tower, usualy in the horizontal run downstream of the first tower elbow. Both
operators and vendors agree that injection of the amine-based neutralizer into the tower via
return reflux or vapor streams should be avoided due to the possibility of salt accumulation
in stagnant tray areas. Certainly there is no need if dry tower conditions can be somewhat
guaranteed and/or the top tower section is lined and trays specified with monel materials.
The neutralizer can be injected neat or in a mixture with water. To avoid plugging and to
aid in vaporizing the neutralizer, a preferred approach is to inject steam with the neat
chemical. The inhibitor needs to be dispersed to be effective and, therefore, is usually
diluted with naphtha reflux before injection. The recommended minimum dilution ratio by
volume is 50 : 1. Removable injection quills should be used in order to affect quick mixing.
These quills should be located in the vertical position with a staggered separation and at an
appropriate distance from elbows and major fittings. Neutralizer should be injected
upstream of the inhibitor. All chemical injection streams should be positively metered or
gauged and usage recorded on adaily basis.

Targets & Qualities

All Saudi Aramco “domestic” and “Joint Venture” refineries were surveyed to provide an
operational comparison for benchmarking purposes. SAMREF was the only location which
was not visited on site. However, information was obtained verbally and also from publicly
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published documents. Table 3 is a comparison of significant corrosion control process
parametersfor each refinery operation.

The most important observation which is pertinent to successful corrosion control is the
minimization of chlorides into the crude unit overhead system. If this is done on a
consistent basis, pervasive corrosion and related maintenance costs are reduced
considerably. Large or crratic Swings in overhcad chlorides should be avoided. This in turn
causes bounces in pH control which can strip protective films and expose the system to
more corrosion risk.

a) Incoming Crude Handling

For the most part, the Arab Light crude delivered by pipeline is dry and low in salt content.
Usually, Arab Light crude from the Abgaiq stabilizers hasaBS&W content of 0.1 vol. % or
less and a salt content of lessthan 10 PTB. All refineries see the same quality of crude and
differ only in the specific delivery system. Some of the differences reported in incoming
crude qualities to the crude unit might be attributed to additional settling time in refinery
tanks, RTR and SASREF have separate dedicated pipeline systems from the Abqaiq
stabilizers. All the other refineries receive their crude via the East-West pipeline system.
Y anbu and SAMREF can both receive crude from the Y anbu Crude Oil Terminal (COT)
after further settling. Both Jeddah and Rabigh refineries tanker their crude from the Y anbu
COT and the crude to these refineries is in general dry given the possibility of ballast water
contamination.

b) Desalter Operation

The three main operating variables affecting water and salt removal efficiencies in the
desalter are: wash water %, temperature, and residence time. Wash water quality, mixing
valve pressure drop, and pH control affect efficiencies to aless extent. A wash water rate in
the range of 5- 7 vol. % of crude charge is considered to be reasonable. Wash water rates
below 3 vol. % of crude charge may hamper performance. Surveyed operating temperatures
ranged from 90 °C to the 140s °C. Jeddah and Riyadh refineries exhibited low
temperatures, while SAMREF and RTR had the highest temperature range. There is nothing
to indicate that the higher temperature at and above 140 °C is detrimental to water removal.
Usually there are mechanical limitations to operating at elevated temperature, such as
transformer bushings.

Riyadh’ s two-stage desalter was originally designed for low temperature desalting of crude
bound for crude sales. Currently, very little desalted crude is routed to Riyadh No. 2
Refinery Crude Unit and the inside battery limits unit desalter is now acting as an oil-water
separator. Riyadh refinery is now in the process of evaluating options for increasing
desalter capability.
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Overall, Yanbu refinery and, Jeddah refinery in particular, need to improve desalter
operations. Both Yanbu and Jeddah refinery desalter performance is encumbered by crude
charge rates in excess of 25 - 30 % above design. This represents a considerabl e reduction
in available water settling time. At the high crude charge rates, Y anbu refinery operates
their two-stage desalters with low wash water rate, < 3 vol. % of crude charge, due to pump
capacity limitations. Jeddah refinery desalter operating temperature can be as low as 100
“C. This could be due to a revised heat exchange scheme and/or poorly performing preheat
exchangers. Also, there is very little wash water preheat available. Jeddah refinery should
investigate the low operating temperature and the possibility of revamping the existing
desalter or putting into service other available capacity.

Desalter makeup wash water is usually condensate quality (< 25 ppmw TDS), with little
dissolved acid gases and should contain no oxygen. Overhead receiver tail water and
vacuum unit condensate are good in-plant candidates. Stripped sour water has been utilized
successfully but its use should be limited as a secondary source and the qualities monitored
regularly. Sour water sources should be avoided. Under certain circumstances, such as an
upset, significant amounts of ammonia and hydrogen sulfide can migrate into the oil phase
and cause additional problemsin the overhead system as well as disturb desalter operation,

Ras Tanura refinery and, most recently, Rabigh refinery, both operate with desalter wash
water recycle. This decision is usually an economic one based on the availability of cheap
good quality makeup water. When recycling under high salt loadings, water effluent TDS
may be high enough to affect salt removal efficiency and any water entrainment or carryover
could cause downstream fouling.

c¢) Caustic Injection

Outside sources recommend that caustic injection not to exceed 5 PTB due to the risk of
caustic embrittlement and fouling concerns. The refinery operations surveyed al show
downstream caustic injection corresponding to less than 1.5 PTB. Thisis mainly due to
relatively low incoming salt contents delivered via pipeline and tanker. If 1 PTB salt
content as sodium chloride can be achieved leaving the desalter, then hydrolyzable chloride
in the range of 20 - 100 % of this amount is neutralized by approximately 0.2 -0.7 PTB of
sodium hydroxide in diluted caustic. Caustic use, for sure, should be less than double this
amount, say 1.4 PTB. Based on this and the reported salt content, Rabigh refinery caustic
use is high and should be investigated. Jeddah refinery should increase the caustic injection
amount based on an overhead chloride target of 20 - 25 ppmw. However, Jeddah refinery
has expressed concerns about downstream fouling above this level of injection. Jeddah
refinery desalter operation should be improved prior to an effort to adjust caustic addition
for overhead chloride control. SASREF, SAMREF, and Ras Tanura refineries seem to have
the most effective caustic injection based on unit salt content residuals and the chlorides
reported in the overhead. Two of these refinery locations are verified to have two-stage’
caustic injection.
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d) Overhead Corrosion Control Parameters

Tail Water Chlorides: The combination of good desalter operation and caustic injection
should achieve a chloride level of less than 30 ppmw in the tail water. To put this in
perspective, if 20- 100 % of 1 PTB salt content in desalted crude is hydrolyzable and totally
absorbed in the tail water, this would conservatively result in approximately 30 - 130 ppmw
chlorides in the tail water. This assumes essentially no caustic addition. Certainly with
caustic, the low end of this range or better should be achievable. A maximum concentration
of 20 - 25 ppmw chloride in the tail water should be set as an operational target. Thisis
somewhat arbitrary, but represents a compromise between practicality and exposure risk to
front-end acid corrosion. If an outside water source is used for wash water in lieu of recycle
from the receiver, then the tail water target of 20 -25 ppmw should be lowered further in
relation to the dilution.

Neutralizer: If all the measured chloride at a concentration level of 30 ppmw represented
hydrochloric acid, then the acidity of the tail water would be about pH = 3.1, Even at 1
ppmw the acidity level is pH < 5. This shows the need for neutralizer even with an efficient
and effective desalter and caustic injection program. Based on total overhead volume, an
addition of approximately 10 ppmv of Nalco 5151 would be required to completely
neutralize 30 ppmw chlorides as hydrochloric acid in the tower generated tail water. With
this in mind, the Rabigh refinery reported usage of 30 ppmv at < 30 ppmw chlorides in the
tail water is excessive. Jeddah refinery neutralizer consumption at 5 ppmv is on the low side
based on the reported 50 ppmw chlorides concentration in the tail water. Adjustment of
neutralizer addition is done based on measured pH in the tail water. This is usually kept in
the range of 5.5 - 6.5 per recommendation by Nalco technical staff.

Filming Inhibitor: Inhibitor needs can be dictated by the size and configuration of the
piping and downstream equipment. Also process variables such as pH, temperature, and
system velocities may contribute to effectiveness. The filming inhibitor is most effective
under steady conditions at a nearly neutral pH and therefore is nearly always used in
conjunction with neutralizers. High system velocities may strip the inhibitor barrier
especialy in areas of high turbulence. This could result in spotty results and higher
application rates may be needed. The effectiveness of the inhibitor program is indicated by
tail water iron content, corrosion probes, and thickness measurements. An iron content
analysisis considered unreliable over the short term. However, atarget of around 1 ppmw
is usualy set. The best tool for optimizing the inhibitor program is strategically placed on-
line corrosion probes. In general, inhibitor consumption should be in the 3 - 5 ppmv range
based on total overhead volumes. Both Jeddah and Riyadh refinery consumptions are
significantly above thisrange. However, Riyadh’'s usage amount is a rough estimated
figure.

Overhead Wash Water: Ideally, overhead wash water rate should be set so that the overhead
vapor is slightly over-saturated. A rule of thumb isto fix the rate at 5 vol. % of the total
overhead volume. If a simulator is available, then a nomograph could be constructed so that
saturation can be targeted based on system variables. One way to positively measure
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saturation is to install a thermocouple sufficiently downstream of the injection point after
vaporization has occurred. Adding the wash water lowers the vapor temperature below
tower top temperature. When the vapor is fully saturated, this quenching effect stops. Wash
water should be condensate quality (< 25 ppmw TDS) and contain essentially no oxygen (<
20 ppbw). The presence of oxygen under acidic conditions will accelerate corrosion.

€) Crude Column Operation

The best means of protecting the tower top and overhead system piping is to operate with a
dry system. That is, condxtlonsa;e—sm-du%ower top temperature is a comfortable margin
above water dew poi n\:‘hock condensation dan take place on the top reflux tray area and,
understandably, Monel Materials-ares specified. At high throughputs, entrainment can take
place and any wet liquids present will attack the carbon steel fitting attached to the top tower
flange. This kind of attack may have been evidenced at both Y anbu and Jeddah refineries.
Entrainment was witnessed at the Yanbu refinery by opening up avent just downstream of
the first elbowy.
2)

Directionally,”’maximum kerosene production (low naphtha end point) combined with low
pressure operation represents the highest risk for water dew point acid corrosion. This
situation produces the lowest dew point mam' netathe difference bgtween tower top
temperature and water dew point temperature ow &gg reflux rates and high steam rates
further exasperate the situation. This might be the case when operating with low crude
charge rates. Computer simulations, using the operating ranges supplied, indicate that there
is no particular dew point problem at any of the domestic refinery locations. Refer to Table
3 concerning calculated dew point margins. The lowest overhead dew point margins were
calculated for the Rabigh refinery. High short term corrosion rates were measured at this
site on the overhead line vertical drop.  Where line corrosion rates are high and the
corrosion is general in nature or localized at possible heat sinks and operational dead legs,
we have recommended that thermographic surveys be completed to identify cold spotsin the
overhead piping. Ideally this survey should be done during winter conditions. The results
of the survey can then be appropriately incorporated within the OSI program.

For facilities design work, the Saudi Aramco Standards limit vapor line velocity to 60
ft./sec. Overhead line vapor velocities are in general limited to 100 ft./sec. due to associated
acoustical noise problems. One other aspect of a high velocity situation is accelerated
corrosion rate due to erosion/corrosion. Some very high velocities in excess of 100 ft./sec.
can be exhibited in the overhead piping. Refer to Table 3 for site specific information.
This is mainly due to the fact that refinery crude charge rates have been pushed, in some
cases, to 25 - 30 % or more above design. Regardless of the addition of continuous wash
water, inspection of process piping and equipment may need to be expanded and made more
comprehensive at elevated crude charge rates.
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Program Monitoring and L aboratorv Analysis

The effectiveness of the corrosion control program hinges upon the frequent and accurate
monitoring of process equipment performance, chemical treatment, and process stream
qualities. Once a baseline is established which represents good performance, trend plots can
be used to indicate any deviant behavior and the corresponding reasons. Gathering process
information from a DCS system and archiving data in a dedicated PC is a preferred method
for accurate surveillance. On-line pH and corrosion probe information gathered from this
same DCS system can be a great help in timely interpretation of process upsets and also can
help optimize chemical treatment. Capturing aredlistic view of the field not only rests with
accurate process data but with good sampling and accurate sample analysis as well.

a) Program Monitoring
Scrutiny of the corrosion control program should include the following areas as a minimum:

1. Incoming crude - analysis (BS&W, salt content, suspended solids (SS), etc.).

2. Desdter operation - temperature, mixing vave pressure drop, crude & wash water
rates, makeup and effluent water rates & qualities (TDS, SS, Cls, pH, dissolved
gases, etc.), and desalted crude qualities (BS&W, salt content, etc.).

3. Chemical injection (caustic, neutralizer, and inhibitor) - daily chemical use, diluent
rate, and chemical quality check.

4. Overhead tail water - rate, analysis (pH, Cls, Fe).

5. Overhead wash water - rate, and qualities as necessary.

6. Overhead conditions - tower top dew point margin, wash water saturation
temper ature.

7. Corrosion probe data- on-line or manually read.

For agiven incoming crude and desalter makeup wash water rate and quality, the desalter
effluent water analysis is probably the most important indicator of a change in desalter
operation. The Total Dissolved Solids and chloride content are a qualitative measure of the
washing efficiency of the system. More refining operations should add this to their routine
laboratory analysiswork.

Both water and sat removal efficiencies can be calculated for the desater and plotted.
However, the accuracy and benefit of doing so is questionable. Using the standard analytical
methods, calculated salt removal efficiencies are highly inaccurate at low incoming salt
contents. Water removal efficiencies are more accurate, but the important measurement is
the desalted crude residual water content and the dissolved saltsin thisresidual water.

Troubleshooting the desalter and caustic injection operation can be aided by performing a
chloridebalance. Samples of crude, makeup wash water and effluent water can be analyzed
for chlorides and hydrolyzable salts estimated or identified. The objective is to quantify
accurately the hydrolyzable salts exiting the desalter. Approximately 95 % and 15 % of the
magnesium and calcium chloride, respectively, are hydrolyzed at crude unit heater
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conditions. This assumption then fixes the maximum amount of chlorides that can appear in
the overhead system without any caustic addition.

With a two-stage overhead system, the first stage water should be analyzed separately on an
occasional basis as a check on neutralizer effectiveness. Program control should be done on
the basis of a commingled water sample.

b) Laboratory Analysis

Measurement of salt content utilizing the ASTM conductivity procedure is recommended
over an approximate range of 2 - 50 PTB. Even at 2 PTB the reported repeatability and
reproducibility are 0.3 and 1.4 PTB. Measurement of salt content at the 1 PTB level is
highly suspect and accurately calculated salt removal efficiencies are out of the question.
The accuracy of the centrifuge technique for water content determination is dependent on
selection of solvent and emulsion breaker systems with a particular crude. A Karl Fischer

titration method can be used as a check on measured water contents using the centrifuge
method.

The chloride analysis involves titration of the water sample or water extract of the oil using
silver nitrate. The presence of a significant amount of sulfides may interfere with the
chloride determination and they must be removed beforehand.
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Table 1: Materials for Crude Unit Trains and Fittings

UNIT/LOCATION MATERIAL
or FITTING
Crude Storage Tanks Carbon Steel. Bottom and 1 meter up sides internally coated with

epoxy-based coating to APCS 2A or 3.

Piping

Carbon Sted.

Desalter

Carbon Steel vessel. Bottom section may be internally lined with
Corrosion Resistant Alloy (CRA) e. g. Incoloy 825 at RTR.

Pre-Heat Exchangers: tubes

Carbon Steel = 5"/, Cr-'/; Mo — 9Cr- 1Mo —>Type 4 10 (12 Cr)
stainless stedl.

Alloy upgrade steps for higher temperatures (>650°F/343°C), in contact
with sulfur-containing oils.

Crude Column

Carbon Steel; top section clad with Monel 400. Top traysMonel. ;@ =7« <| ecfrems

Overhead Line

Carbon Sted. Olo

vt

Aircooler Tubes Carbon Stedl. CRA (e. g. Monel 400 or Incoloy 825) ferrules may be a'l> (veeed
needed a the inlet section. LT
Injection Quills: Monel 400. * _
(Caustic & Overhead Chemicals) Austenitic Stainless Steels not recommended. 4so
Probesfor Corrosion Monitoring Incoloy 825 preferred for probe body. Austenitic Stainless Steels not € 7 SSO
recommended. /
L gArn Love®
Y,!(?? 2\ av %\3\
The above table is based on general industry experience, supplemented by Saudi Arameo guidelines. Qf?s
\,v \1{'
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-------------------
Table 2: Crude Unit Overhead Corrosion Monitoring Summaryv

Refinery Crude Overhead Corrosion Monitoring Probes Coupons Comments Injection Quill /Metallurgy
Charge Rate | Line Size System Number/Type Number/
MBPD (Inches) Location Location
Yanbu 220 30 Coriest 4901 Corrosion | 12 planned One ER probe New system, not yet fully No inhibitor quill. Monel
Monitoring System ------- and a number of | installed/integrated. Erosion OH injection quills
weight-loss concerns with high OH vapor recommended. Mﬁg\\,’)
coupons on OH | velocities (> 100 ft/s) and poor Monel for Caustic. "
AN condenser banks | atomization of chemicals CS water injection system.
Ras | jy 48 €0Sasco 6 None Corrosion rates ¢ 0.5 MPY. Probes | OH injection quills304/3 16,
Tanura O (generic type) . to be linked to computer. ./ upgraded to Monel in 1992.
Pl B
Riyadh | 112, (Unit 1) 14 | Rohrback Cosasco RC- | Refinery #2:| 2 Plan to increase probes/coupons, as | Currently, no quills at OH
\\,/ V4 1 Integrated Corrosion | 2 (DO of Fin banks are re-tubed. injection points. Monel
(Unit 2) 30 | Monitoring System (D /O of Fin Fan bank) quills for OH recommended.
installed. Range of Fan bank)
data can be
displayed/printed from
Control Room.
Jeddah 43 (CV-201) 20 Rohrback ‘2ER J 2 Additional 6 probes & 8 coupons Nalco “Na-Quill” 304 SS
) ICMS/RCS-8: (B1 (1C21; 1 E2 0) | proposed (for 1997). inhibitor quills.
Reading in Control inlet/outlet) Current corrosion rate: 6 mpy Must be upgraded to Monel.
Room Corrosometer Need to consider OH line. [
Potential erosion concerns due to
relatively high overhead vapor
velocity.
Rabigh 350 44 Cosasco: 4 in aircooler 10 coupons: 4 in | Corrosion rates: Quill metalurgy: for caustic
(325 design) manual reading inlets (EA- V|aircooler - v | aircooler 5.5 mpy (probe) & 4.5 mpy | & chemical injection is 304
01A-1& 11, (coupon) Ss.
EA-OIB-13 & | 2ininlet & 2in must be upgraded to Monel.
22) outlet Desdlter: 0.29 mpy, _ Inconel 600 water spray
nozzle ok.
1in desalter V-
109B b
SASREF, | 300 30 None None None SASREF’s approach is based on Monel for caustic
Jubail (2x150) maximizing water removal & paying
special attention to optimal caustic
mixing to cut Cl (Typicd Cl < 10
ppm in OH). NH; is neutralizer.
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TABLE 3
Comparison of Refinery Corrosion Control Operating Parameters

JUs. Caustic Inject.
ol %/PT]
0.11.5 5 \
0.05/4-5 4 None 0.5-0.7 2ss. 140-147 Strip. s.w. (]‘IND 0.8 0.30.51.5
<0.1/24 3 None <1 4its. 120125 Proc., C.U. cond. <3/No 0.8 0.1-0.211-2
0.4-2.0/3-10 3 None N\ 0.5 2Us.s. 130-149? Vac. Cond. 5,00.0~ 1.0 <1.01.0
TrcJ3-10 3 None nmeasured| 2ts. (2) 90 Trtd, Strip. sw. &C.U.cond.| - 3MNo 0912 | Trc/0.8-1.8
0.412-3 25 , (0.8 0.7 1ls.s. 102-112 Proc., C.U. cond. . 4-5/MNo 1.0 0.3-1+1-2
0.11-3 5 5 1.5 4ss. 131 Strip. s.w. (5fYes 10 0.210.3-05
Notes: (1) Information listed for RR No. 2 Refinery only.

(2) Riyadh Refinery Desalter is used for crude sales and very little Crude Unit charge is desalted.

Neut, Usage: . W [Overhead:: |Overhead »
G ‘i .. |water wash  |water Veloedy
type/ppmviioc.  |Kalem2 ype §/>
7 None 3 wt.%NHY/ - /0vhd. 1.9-23 135 max. None -
5.56.5 5186/3-6/Cvhd. 5151/2-5/Reflux 21 130 Unkrown Infermitt. -

557 Dil. 5186/5/0vhd. Nt. 5151/1%/Reflux «0.7-1.95 | 110-140 | Desitr. w.w. 5.0 {oler]
5565 Dil. 5186/3-5/0vhd. Nt. 5151/2/0Ovhd. 14 132 Rewr. Boot 5.0 -
Variable | Di. 5186/8-162/0vhd. | Nt 5151/Unmeas./Ovhd. 1.1 131 Desltr. w.w. 3.0 -

5.5-7 Dil. 5186/10/Ovhd. Wir.Dil /S/Reflux 0717 117-130 BFW 40 go -~ 100
5.56.5 Dil. 5186/3-4/0Ovhd. Nt. 5151/30/Ovhd. 11-16 114127 " | Rewr. Boot Intermitt, 40

16— 140
ﬁ

o
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35Be® Caustic
<1.5PTB

Attachment 4- Crude Unit Process Options & Operational Guidelines

Film Inhib.
Neut. Amine (3-5 ppmv)

(10-15 ){ ; ? i

Wate} Sat.
D @
o L 4

: Préheat | w
erver.r.; EXChangers ! a
: | t
2% WW 3% W.W I o é
by Vol.Typ by Vol.Typ. | ¢ | 5% by Vo,
: Delta P=1-2 | Typ.
E Mix Valv Kglom? | Preheat .
: | Exchangers a
: A s
< h
Bffl : —
Waterg pH 5-7
: E pH 5.5-6.5
: Cl<20-25ppmw
Caustic ) Fe <1
: : Addition 3-5Be° Caustic
P <1.5 PTB
L Recycle Water "
v--..- . airan’ el e eI e R AR s e e e bss e n ) Clean OrlHrl:]nécta‘—H
Make Up 0 P
ni
Water I dszmeDS
: 5.7 % Total 1
-u-u--u-------......-C]Ean.WﬁSh.water ............... Tresves s “...‘..--'.....“.“...’W.W.byVoI_

Caustic
Addition

Note: ppmv isppm based on total H.C ovhd Volume
and ppmw is ppm by weight in tail water




Attachment # 5a

Electrical Resistance Probes for Corrosion Monitorine in the Overhead Line

Based on expected process conditions of 120 °C, 14.2 psig, some HCI and a trace
amount of H.S, either flush mounted electrical resistance (ER) probes or flush
mounted coupons can be utilized for corrosion monitoring in crude unit overhead. Itis
Saudi Aramco policy to utilize the 2 inch High Pressure ‘Cosasco’ type access fitting
and plug for on-line’ corrosion monitoring. With this system, a service valve and
retriever are required for the installation and removal of probes and coupons.

ER probes generate on-line corrosion rate data and can detect changes in corrosivity
over time. For example, if corrosion rates are in the range 5 mpy to 50 mpy, a flush
strip ER probe with a 10 mil carbon-steel element would be able to detect a corrosion
rate of 50 mpy in about 18 hours, and a rate of 5 mpy in about 7 days. ER probes
however are unable to distinguish between pitting attack and uniform corrosion.

Coupons only provide data following removal from the system, and the corrosion rate
determined is an average for the exposure period. However they are able to detect
pitting and generally require a minimum exposure time of about 30 days to do this.

The material of construction for ER probes is usually 316 stainless steel. This alloy is
susceptible to chloride-induced stress corrosion cracking, under conditions that may
be encountered in the overhead line, especially if there are process upsets. We

therefore recommend the use of a more corrosion resistant alloy, such as Incoloy 825
for the probe element body and connector.

CUQ/H FinRep



ATTACHMENT #5 B

Probe: Electrical
Resistance flush element

vl

& adjustable flush cormon

Data Sheet CMEI.011.1

For use with all 2” access high pressure fittings (AC series)

For monitoring in all types of locations, especially for bottom of line and pigged lines.
Not recommended for H,S/scaling environments.* ‘

l—_——— order length —————————]

FL and FG configuration |

Glass sealed plns In Glass filled teflon flush element

shrouded connector high pressure seal

AF configuration
}——-— order length
060 (60mm to 79mm)

077 (77mm lo 112mm)

long path epoxy strip glass seal

(FL + AF series) {FG series)

CORMONLTD @
CORROSION
MONITORING

: BSIReg
S YSTEMS 95877

CormonHouse,

Riverbank BusinessCentre,
Shoreham-by-Sea,

West Sussex BN43 5FL U.K.
Tel: +44 (0) 1273 441168

Telex: 87323 FSIG
Specifications and ordering information overleaf Fax: +44 (0) 1273 441169

. See Cormon BandZ Probe data sheet CMEP 008



Retrieval Under
Pressure

By using a Retriever Kit and Service Valve ,
devices can be Installed or retrieved under
pressure. The Service Valve Is mounted onto
the 3" ACME thread of e fitting and the
retriever connected to the valve so that a
pressure tight assembly Is formed.

Inner barrel Outer barrel

Inner rod
When the telescoping retriever body I coltapsed, the
Inner rod passes through the open vave where R
connects with the plug inside the ting. The plug with its
monitoring device can then be backed off and withdrawn
through the valve by extending the body of the retriever.

Once the plug assembly Is clear of the valveitis
closed and pressure Is bled from the retrlever whbh can
then be dismounted from the valve alfowing access to the
plug assembly.

After senvicing or changing the davice In the carrier
plug, re-instalation is canted out using the reverse
procedure, The alignment of the device is easily
controfled by rotation of the plug.

The retriever I8 a pressure balanced deskIn whtch
will not telescope ¥ pressure 18 released Suddenly from
the System. Care Must be taken when Spectlying ratrieval
under pressure to ensure Sufficient clearance exists for
the extended tool 10 withdraw the device from the fine.

Data Shast CMEF 001.4 See the detailed data sheet on Retriavers.

AC Series 2”
Access System

High Pressure = UrP t 0 6000 psi 400 bar

The 2’ system Is a widely used “Industry standard” high pressure access method for

Data Sheat CMEF 001.1

mounting corrosion monitoring devices Into pipework and vessels. The system
allows insartion and retrleval of the devices under pressure, enabling monitoring to

be malntalned continuously without the need to shut down operation of the process.

R 7777

i'

0

Access Flttings
The mounting equipment COMPriSeS a 2* branch fitting (the access fitting)
end a carrier pug assembly (the plug) into which a range of monitoring
probes or other devices may b8 placed. Access fittings have an Internal
13/ 12 UNF parallel thread to féceive the plug, below which la a taper
shoulder which mates with the Packing element of the plug. An extemal 3*
ACME thread allows inslaflation of the service valve used in making
retrievals under pressure. When not in use for retrieval, the external thread
is fitted with a cover to protect agalnst corrosion and Impact damage and
In some casesto provide asecondary pressure barrler.

Fittings may be welded directly to the pipe or vesselusing a buttwald or
waldolet configuration; he weldolet version of the access fitting Is
commonly described as a Flareweld Fitting. Aternativaly, a flanged itting
may be bolted to suitable contra flange, allowing the optbn to renew or
replace the fitting at a later date. Accass Fittings are generally rated at
6000 psl/ 400 bar and are avallable In awide range of materials to match
those used In the system

Retriever kit Service valve Access fitting

CORMONLTD

CORROSION
MONITORING
S Y sS TEM S

Cormon House,
Riverbark Busingss Centre
Shoreham-by-Sea
West Sussex BN43 5FL U k.
Tek +44 (0} 12734~1168
Telax: 87323 FSIG
Fm: +44 (0) 1273 ¢4116!
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LRI

Probe: Electrical
Resistance flush
element and

adjustable flush.

Specifications and

ordering information

Pressure rating 3600psi
Temperature rating 200°C (260°C FG series)
Body material 316ss

(for other options contact our sales office)

FL -Standard flush fiied length probe with long path
element setin epoxy

AF -Adjustable flush probe with long path element set
in epoxy. Allows exact length to be set on-site and

reducesinventory requiredto coverreplacements.

FG-Flush fixed length probe with glass sealed strip
element.

All connectors are 6 pin mil spe¢ with shroud, locator
and glass sealed gold plated pins. An extension adaptor
is required for use in 2” access fiitings: order GEA PL
092 for portable and GEA SW 206 for permanent
instrumentation.

P/EIR

A|C

77mm will have at least 35mm travel.

Data Sheet CMEP.011.2

Probe 2"access Lengthinmm | Element Element Element
Electrical mounting see length configuration | thickness material
Resistance style calculation
data sheet
FL 40 A07
Flush - 0.040” carbon steel
long path (not FG series) | cs2
epoxy
fixed length
Adjustable Flush Probes AF 20 for other
The length of Cormon Adjustable Flush (AF) probes may Adjustable 0.020” materials
be set in the field to ensure exactly flush installation.This is a length. contact our
particularadvantageinmanysituationsincludingwaxycrudes Flush - |0ng sales office
where under-flush probes may give false readings,er pigged path epoxy
lines where over-flush probes may be damaged. The wide
range of combined wall thickness and finediameterwhich can
be covered by a single AF probe allows operators to reduce FG. . 10
inventory of replacement probes and simplifies ordering. Flush - g|§lSS 0.010”
Our standard Short 060mm and Long 077mm probes sealed Strlp
between them cover a standard 5"/4" flareweld access fitting glement
on lines from 172" Schedule 58 to 20" Schedule 160. Cormon fixed length
data sheet CMEP.013 gives full informalion on these probe
lengths.
For longer probes please state the approximate fixed 05 ,
flush length required. This may be calculated using our probe 0.005
length calculation data sheetCMEP.013. Probes longer than (FG only)

9vrclL
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IMPLEMENTATION STRATEGIES FOR API 570 INJECTION POINT INSPECTION PROGRAMS

R. R. Konet
Amoco Corporation
P.0.Box 710
Whiting, In 48394

G. J. Honer
Ultramar Inc.
P.O. Box 93102
Long Beach, Ca 90809-3102

¢
l : R. M. Thompson
Chevron Research and Technology Co.
P.O. Box 1627
l Richmond, Ca 94802-0627

ABSTRACT

Several highly publicized refinery piping failures around injection points have made apparent the need
for more detailed inspection requirements in these areas. This need was addressed by the American
Petroleum Institute (API) with the first edition of the APl 570 Piping Inspection Code. This paper
discusses implementation of an inspection program that complies with APl 570 injectton point
inspections and improves the overall reliability of injection systems. Four case histories are presented

to illustrate the benefits of increased inspection efforts and to provide experiences to help improve
existing inspection programs.

INTRODUCTION

Many different types of process additives are used to maintain reliability and to ensure optimum
performance of refinery operations. An additive may be a proprietary chemical such as a corrosion

inhibitor, antifoulant, antifoam, oxygen scavenger, or as simple as a water stream to dissolve salt
deposition or dilute corrosive process components. Typically, these process additives are injected into

Copyright
©1996 by NACE International. requests for permission 1o publish this manuserpt in any form, in part or in whole must be made in writing to NACE
International, Conferences Division. P.O. Box 218340, Houston. Texas 7721

8-8340. The matenal prasanted and the views expressed Inthis
paper am solely those of the author(s) and ara not necessarily endorsed by the Association. Pinted in the U.SA.
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refinery piping systems through small branch connections either directly or through a quill or spray
nozzle. These locations are commonly referred to as injection points.

Several types of unique corrosion mechanisms associated with injection points have become apparent
to refinery personnel over the years. Problems include impingement opposite the injection point or at
downstream changes in pipe direction, corrosivity of the additive itself, and insufficient or excessive
injection rates. Many of these problems result in highly localized deterioration.

In recent years, several well publicized piping failures associated with injection points have been
discussed at industry forums such as NACE, API, etc. Probably the most widely known was the failure
and resulting fire at the Shell Norco refinery.” Upon discussion, it became apparent that exIsting piping
inspection programs were not sufficient to detect localized corrosion problems at injection points and
that more thorough programs specifically designed to identify the unique problems of injection points
were required.

API 570 INSPECTION OF INJECTION POINTS

The need for more detailed inspection requirements was formally addressed industry-wide in June
1993 with the issuance of API 570, ‘Inspection, Repair, Alteration, and Rerating of In-Service Piping
Systems”.” API 570 defines injection points as “locations where relatively small quantities of materials
are injected into process streams to control chemistry or other process variables.” Process mix points
are specifically excluded. APl 570 recommends more rigorous inspection of injection points due to the
potential susceptibility to accelerated or localized corrosion.

Chemilcallnjection Circuit
An injection point circuit is defined by API 570 as the process piping:

* beginning 12” (30.5 cm) or 3D (3 times the nominal pipe diameter), whichever is greater,
upstream of the injection point: and

. ending two changes in flow direction or 25’ (7.6 m) beyond the first change in direction, whichever
is less, downstream of the injection point.

If included In the circuit, the downstream endpoint can also be a piece of equipment such as a
pressure vessel or heat exchanger. The injection nozzle and the injection piping are also included in the
circuit definition.

This definition of the injection circuit focuses inspection efforts to the area considered most susceptible to
failure. The circuit definition provides an initial sampling point that one could change if needed. For
example, if corroslon is discovered which could extend beyond the circuit limit, the circuit should be
expanded to define the extent of the problem and direct future inspection efforts.

Thickness Monitoring Locations (TMLs)
Some general guidance Is provided in API 570 to help select TMLs for ultrasonic or radiographic

inspection, As a minimum, TMLs are required on each fitting within the injection point circuit, the polnt
of expected impingement at the actual injection location, and the upstream and downstream limits of

58872
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the circuit. AP1 570 further suggests TMLs on straight runs between fittings, but does not specify any

particular spacing. For uftrasonic inspection, each TML by definition includes measurements at each of
the four pipe or fitting quadrants.

STEPS TO IMPLEMENTING AN INSPECTION PROGRAM

Like implementing any program plant-wide, following some common steps have proven successful in
maximizing both the value of the program and participation of key personnel. The primary goals are to
determine the existing condition of the injection systems, if not known, and provide a consistent set of
inspection guidelines that can be used on plantwide injection circuits. The following steps have been
used successfully in Implementing an injection point inspection program

Audit Existing Installations

Existing injection installations are surveyed to identify the type of installations, their condition,
susceptibility to corrosion problems, and access requirements to perform the inspection. The survey
requires a multidisciplined approach with input from Unit Operations, Maintenance, Inspection
personnel, and representatives of the local suppliers of proprietary chemicals. A listing of data
considered important in the audit are shown in Table 1. This includes data on the process and
injection streams, details on the injection system hardware, properties of the chemical being injected,
and inspection data like piping isometric drawings.

As a side benefit, the survey facilitates a review of potential deterioration mechanisms and process safety
management issues associated with a given system. Examples of potential problems that can be
revealed are:

« Lack of an injection quill -- Chemical may not disperse adequately resulting In accelerated corrosion
downstream (either due to the chemical not being present or from the chemical itself).

. Lack of a diluent stream -- Concentrated chemicals, for instance filming amines, may cause
accelerated corrosion at temperatures exceeding 300°F.

« Lack of backflow protection on chemical -- Process fluids can flow into the injection stream.

« Improper metallurgy for injection quill -- A quill can corrode or environmentally crack either from the
process side or injectant side if it is not of the proper metallurgy.

. Fixed versus Retractable quill - Reliance on a packing gland assembly to prevent leaks may be
undesirable in some process systems, while failure of a fixed quill would necessitate an undesirable
unit shutdown to repair. These safety and economic considerations need to be weighed on a case-
by-case basis to help select appropriate hardware for a given system.

. Injection point located immediately upstream of a change in direction -- The injection stream can
impinge upon the pipe fitting causing accelerated erosion or corrosion.

. Non-compatible chemistry of the additive and the process stream (including any diluent) or multiple
chemicals injected through the same injection point.

Process stream temperature high enough for the additive to become corrosive.

Establish Consistent Approach to TMLs
A consistent approach to defining TMLs in an injection point circuit aids in the inspection of these points at

a plant. An approach like this allows engineers and inspectors to understand the requirements without
treating each circuit uniquely. Depending upon the degree of confidence desired and the level of

588/3
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inspection supported by the plant inspection budget, many approaches can be used. One approach that
has been used successfully to define TMLs is as follows:

TMLs in an injection point circuit should be on the primary process piping and located at the:

. Upstream limit of the injection circuit, either 12* (30.5 cm) or 3D, where D is the pipe diameter),
. injection point 360" around the injection nozzle,
. Apparent impingement point on the process piping opposite the injection nozzle (e.g., injection is

perpendicular at 12 o'clock, TML is located 180" from the injection nozzle at 6 o'clock),

. Points downstream of the injection point defined by: D, 8D, 10D, midway between the injection
point and the first change in direction (if they are more than 25’ (7.6 m) apart), the first change in
direction, and the downstream limit of the injection circuit.

Create an Inspection Isometric Sketch

The injection point circuit should be identified as such on the piping inspection isometric drawing.
Creating a unique piping isometric for injection circuits can help facilitate the more rigorous inspection
required for these circuits. Typically, the isometric should include the diameter and piping schedule for the
primary process piping and injection piping (or tubing) and the location of the TMLs.

Establish Inspection Requirements

inspection at TMLs. A TML is defined for our purposes as a band around the pipe rather than a single
inspectjon point, except for the TML at the injection nozzle, which is a band around the nozzle. Thickness
measurements taken with ultrasonics (UT) on a oneinch spacing around the circumference is adequate.
The lowest reading will be recorded for that TML If the operating temperature of the line precludes the
use of UT, radiography should be used to assess wail thickness in at least two quadrants of the pipe
(preferably 90" apart). TMLs should be permanently identified on the piping to achieve meaningful future
inspection results.

fled i i " 10D I API 570 requires a more
detailed inspection of the primary process piping located between 12" (36.5 cm) upstream and 10D
downstream of the injection point. Experience has shown that localized corrosion damage in this part of
the circuit could be missed when performing spot UT thickness measurements. Therefore, inspection of
this area is best performed by scanning using A, B or C-scan ultrasonics. If the scan defines a local area
of significant metal loss, it should be marked and defined as an additional TML for that circuit.

In addition, if the additive is being injected into a gas or two phase stream, the first change in direction
should be scanned. The purpose for this scan is to detect any localized erosion or erosion corrosion
present at the first obstruction (e.g. impingement location).

Aside from the additional expense, the only drawback to thfs type of inspection is that scanning
equipment tends to be more sensitive to elevated temperature than spot ultrasonic inspection equipment.
Depending on process temperatures, scanning may only be possible during downtime, limiting the ability
to effectively plan maintenance activity.

588/4
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. Set an Inspection Frequency

API 570 requires a maximum inspection interval of three years for injection point circuits. This interval
is appropriate for many systems. However, for circuits where the industry has experienced significant
corrosion problems, such as water wash injection in hydrotreater reactor effluent streams or in catalytic
cracker Light ends recovery units, a much shorter interval should be used. An experienced corrosion
engineer should be consuited to review process conditions and equipment history in order to help
select an initial inspection interval. After several cycles of inspedion data have been collected, the

inspection interval should be reviewed and increased or reduced as appropriate. However, in no case
should the interval exceed the three year maximum.

Keep Track of Changes to Injection Systems

The “Management of Change” process should be used to identify changes which could impact the
inspection plan for a particular injection point circuit. Changes to the composition of the additive, location
of the injection, and length of time the additive is injected can occur frequently. This is especially
important when a trial program for an additive is initiated. Close communication between Operations,
Engineering, and Inspection personnel regarding these types of changes will help prevent the
development of problems due to an oversight in the inspection program. in addition, the same type of
communication on new installations will help improve the effectiveness and minimize the cost impact of

the inspection program by addressing key issues such as hardware selection, inspection access, and
potential corrosion problems.

FIELD CASES OF INJECTION POINT INSPECTIONS

Since API 570 was issued and required owner-users to address the specific inspection needs of injection
points, supplemental inspection programs have been implemented in many facilities. The common goal
of these programs Is to avoid piping failures and thereby improve plant safety, environmental

performance, and unit reliability. The success of this approach has been made clear through experience
identifying problems before they find the user.

Reid cases are presented below which illustrate both positive and negative experience since the injection
point inspection programs ware implemented. Negative experiences have been presented to provide

lessons to better improve existing programs. Table 2 lists summary data on the chemical injection
systems described in each of the four oases.

Case 1. Water Wash In a Catalytic Cracker Gas Recovery Unit

A refinery has two catalytic crackers and two gas recovery units, GRU 1 and GRU 2. The vapor
downstream of the gas compressors on the Catalytic Cracker fractionator overhead is water washed with
condensate to dissolve salts and dilute corrosive species. Water wash started in the 1960's, was
discontinued in the mid 1970s, and was reinitiated in 1991. The water wash system is identical in

configuration and hardware at both gas recovery units. The injection point is immediately upstream of the
aftercooler heat exchanger.
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Concurrent with the development of API 570, the refinery initiated an audit of injection piping circuits.

Table 2 shows the data gathered on the injection system during the audit. Initial recommendations based .

on the audit included:

o Create an injection point inspection piping isometric,

o Relocate the injection point further upstream (preferably 10 pipe diameters upstream of the elbow to
avoid direct impingement), and

« install an injection quill. At the time of the audit, water was being injected through a nozzle directly
into the process stream.

Figure 1shows the piping inspection isometric for GRU 1, labeled with both the historical TMLs and the
new TMLs created specifically for the water injection circuit. Previously, the TMLs were thought to be
representative of the piping components in the system. The inspection consisted of single UT thickness
measurements taken at the TMLs. Corrosion rates were calculated between 0 and 0.13 mm/y (0 and 5
mpy) for the historical TMLs. Note that none of the previous TMLs were located at the water injection
location.

The new TMLs were specifically positioned to address the potential for localized corrosion from the water
injection point in response to APl 570 section 3.2.1 guidelines. The basis for choosing new TMLs was
primarily distance from the injection point and anticipated impingement areas.

Because industry experience has shown these particular water wash systems to be prone to corrosion,
an annual inspection interval was specified on these water injection circuits. Sample thickness data
obtained during the inspections are shown in Figure 1 for GRU 1. The measured corrosion rate
between successive inspections was 1.22 mm/y (48 mpy) at the point immediately downstream of the
injection nozzle. The inspection revealed a 7” (17.8 cm) long groove that initiated at the at the injection
nozzle and propagated in the downstream direction. Pitting was also observed around the edges of
the groove.

On GRU 2, a small leak developed while removing external corrosion scale around the injection nozzle
to perform the initial inspection. The system was immediately taken off fine and upon inspection, the
elbow was found to be severely corroded at the downstream side of the nozzle. The most severe
corrosion occurred where the nozzle penetrated the pipe wall.

Following repair, remedial action included installing an injection quill on these systems, After 2 years
experience with a quill at GRU 2, corrosion of the piping has been eliminated. During the next
scheduled maintenance shutdown, the water injection point will be relocated further upstream of the
exchanger and elbow.

This case illustrates several benefits of implementing an injection point inspection program:

1. Audits are vafuable for identifying inadequacies. In this case, a potential problem existed with the
injection nozzle (lack of an injection quill} and a less than desirable injection location.

2. Piping inspection programs based upon random sampling of piping components is not appropriate
in identifying Yocalized corrosion problems. Locating TMLs specifically for an injection circuit is
required as API 570 details.

3. A close and thorough inspection of injection points is justified to prevent significant failures.
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Case 2: Water Wash In a Catalytic Cracker Gas Recovery Unit

At a catalytic cracker light ends recovery unit, cold condensate is injected into an insulated, 14" (35.6
cm) vertical carbon steel line on the inlet of a compressor interstage cooler. Similar to Case 1, the
condensate Is injected to dissolve salts and dilute corrosive species. The cold condensate is saturated
with oxygen and contains a proprietary corrosion inhibitor at a concentration of 20 ppm. The water is
injected directly into the line without a quill.

The historical inspection program included UT thickness measurements at designated TMLs previously
chosen on representative piping components. TMLS were not located in the area of the water injection.

With the implementation of an injection point specific inspection program, 2" (5.1 cm) diameter holes
were cut in the insulation for TMLs at the injection point. UT thickness measurements at the TMLs did
not identify any measurable wall loss. In addition to the single point UT thickness measurements,
profile radiography was performed in lieu of UT scanning, which would have required removal of a
insulation. Unlike UT, profile radiography identified severe thinning where the wash water cascaded
down the vertical section Of the piping. Figure 2 shows the piping inspection isometric and a sketch
depicting the corrosion loss.

This case illustrates the importance of a detailed inspection between the upstream limit of the injection
circuit and 10D downstream of the injection point as recommended in APl 570. Single UT thickness
readings did not identify a problem because they were not located at the exact area of wall loss.
However, profile radiography and UT scanning techniques allow greater coverage (up to 100% of the
area can be inspected), which can more successfully identify localized loss.

Another potentlal data Interpretation pitfall can be encountered with computer programs used by some
owner-users to statistically analyze the UT data obtained on a system. Care should be taken to ensure
that the analysis does not mask localized corrosion loss obtained at a TML. Depending upon the
analysis program, a point-by-point review may be more appropriate.

Case 3: Caustic Injection in an HF Alkylation Unit

At an HF Alkylation Unit, KOH is injected through a monel sparger into a 10” (25.4 cm) Monel 400
elbow on the vapor inlet of a Relief Gas Scrubber. The KOH is maintained at a pH of 8-10 and is

saturated with oxygen. During the audit of the refinery’s injection systems, plant personnel did not
recognize this location as an injection circuit.

After 14 years service, a leak developed In the line where the injected fluid impinged upon the pipe wall
from the sparger. Data collected from existing TMLs on the line did not Identify the localized loss. The
corrosion rate was estimated at 0.25 mm/y (10 mpy) at the point of failure. Figure 3 shows an
isometric drawing of the piping and a schematic of the failure.

This case again illustrates the importance of a thorough audit process In implementing an injection
circuit inspection program. if this location had been recognized as an injection circuit, either ultrasonic
scanning or profile radiographic inspection would have identified the problem prior to the line failure. In
addition, this case clearly demonstrates the importance of assigning a TML where the chemical is
anticipated to impinge on the pipe and recognizing that the design of a quill can significantly affect

. corrosion potential.
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Case 4: Chemical Injection in a Hydroformer Unit

In a semi-regenerative hydroformer unit, a trial injection of a proprietary chemical into the 350°F
(177°C), liquid feed stream of the debutanizer tower was initiated in 1991. The purpose of the
chemical was to control tower fouling and corrosion from salts. The chemical was injected neat
through an existing 1” (2.5 cm) nozzle on the 6” (15.2 cm) diameter process line. A quill was not used
for the trial. A “Management Of Change” (MOC) process performed on the trial proposal identified this
location as an injection circuit, however, the MOC did not identify a concern about injecting the
chemical neat or injecting directly through a nozzle during the trial period. Operations, Engineering,
inspection and the Chemical supplier were participants in the MOC.

The injection into the tower feed was discontinued after a few months. An injection circuit inspection
was not performed due to the short duration of the trial and the fact that the injection was discontinued.
After 15 months, a trial of a new chemical was initiated at the same location under the same
conditions. The MOC again Identified this location as an injection circuit requiring detailed inspection
during a scheduled maintenance outage 6 months later. Figure 4 shows the inspection piping
isometric of the injection circuit.

Prior to injecting the first chemical additive, the feed piping to the tower was monitored using TMLs
considered representative for the piping system. During the maintenance outage, initial API 570
inspection of this injection circuit identified a noticeable decease in wall thickness throughout the feed
inlet piping. Figure 4 indicates the thickness measurements and calculated corrosion rates. The
average short term corrosion rate changed from 0.08 mm/y (3 mpy) to 0.38 mm/y (15 mpy) between
the 1986-1 990 and 1990-1 995 time periods.

This example shows the importance and value of a well conducted MOC. A detailed review of the
methodology involved in performing an effective MOC is beyond the scope of this paper, however, in
this case, the corrosivity of the chemicals being injected into the hot feed stream was not fully realized.
Even during a “trial” period, significant corrosion can OCCUr. Furthermore, “trial” periods may extend
longer than originally anticipated. Following good injection practices from the start of any chemical
injection regardless of the anticipated duration or purpose is appropriate. In this case, the APl 570
inspection identified the corrosion loss early enough to prevent an on-stream leak. However, corrosion
might have been minimized and maintenance expense avoided had good injection practices been
followed.

SUMMARY

industry experience and API 570 Sections 3.2 and 3.2.1 detail the need for an inspection program
designed specifically for injection points. As owner-users develop programs to comply with this Code,
they wrestle with how best to develop and implement such programs.

The *first step is to audit the existing injection points With the help of Operations, Maintenance and
Engineering personnel. The audit provides an effective way to assess the scope of the program and
Identify potential problems with existing injection locations. The audit also serves to educate personnel
on the value and need for an injection point specific inspection program.
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The second step is to develop consistent inspection guidelines with the flexibility to change the

guidelines for unique situations. Consistency helps ensure that the inspection program is fully adopted
throughout a facility and minimizes the chance of oversight at specific units. Locating TMLs in an

injection circuit and specifying the appropriate inspection technique should be focused on identifying
localized corrosion.

Lastly, the success of the program depends on timely communication of changes made to injection
systems. Ideally any change in chemical type, injection rate or duration, or injection location should
signal a need to analyze potential impact on the inspection program.

Four field cases were presented which illustrate the importance and value of these various steps in
implementing an injection point inspection program. An inspection program can be developed which
complies with API 570 section 3.2.1, however full benefit of a program probably cannot be achieved
without the participation of appropriate refinery personnel and establishing a formal program,

Ultimately, the goal of the program is improved plant safety, environmental performance, and unit
reliability.

REFERENCES
1. B. Wilde, Materials Performance 32, 6{1993): p. 50.

2. American Petroleum Institute 570 Piping Inspection Code, First Edition, June 1993.
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Table 1: Injection Point Data Reviewed In Audit Process

Unit

Line Number

MalnProcess Stream

Main stream phase

Nominal line size

Line metallurgy

Operating temperature

Operating pressure

Mainstream typical corrosion rate

Injection Stream

Nominal line size

Line metallurgy

Operating temperature

Operating pressure

Injection stream typical corrosion rate

Injection rate

Injection Point Detail

tInjectionpoint (g u i | | | S p r a vy

)

Injection ooint orientation into main pipe

Injectlon flow direction (upstream, downstream, cross flow)

Injection point metallurgy (injector]

Injection point metallurgy (main line if different from balance of line)

Distance from injection point to first change in direction

Chemical Data

Generic description

Injection purpose

Supplier

Product name

Injection start date

Inspection Data

Isometric sketch number

Insoection intervals

Inspection technique

Last inspection date

Next Inspection date

CorrosionMonitoring

Coupons or Probes and frequency monitored

588/10



Table 2: Injection Data Specific to Field Cases

ams Gnu Sng GG Sum Sug See MO AN MAm BN
N -

UNIT DATA l
Unit Name Gas Recovery Gas Recovery [HF Hydroformer W
Unit Unit Alkylation
Process Stream Data {C1-C6, H2S, [C1-Cs8, H2S, Heavy Naptha
NH3 NH3
Pressure 200 psi 75 psi 50 psi 200 psi
Temperature 225°F 150°F 100°F 350°F
Lig./Vap. Liquld/Vapot %L‘QUMNBDO\' Vapor {Liquid
i
CHEMICAL DATA
Generic Description /Condensate  /Condensate KOH Chemical
Purpose of Injection Water Wash Cyanide control [Neutralize |Prevent
HF acid fouling
Injection Start Date 1990 1981 1981 1991
INJECTION DATA |
Injection Rate 130 gpm 72 gpm 4 gpm
Diluent Stream ‘I N/A N/A N/A No
| |
INJECTION SYSTEM | \
Injection Quill [None None Yes No
Metallurgy Monei 400
Design | Sparger
Location in Pipe Vertical run |Vertical run [Vertical run {Vertical run
INSPECTION DATA
Process Pipe Meti. Carbon Steel |Carbon Steel |Monel 400
Inspection Frequency Annual Biannual Biannual
Inspection Technique
RT Yes Yes
uT Yes Yes Yes Yes
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Figure 1: Piping Inspection Isometric of Water Wash System

Historical TML : —
7 18" Elbow

8 18" Pipe «— 7
9 16"X18" Reducer

10 16"X12" Tee

1 16’ Pipe

12 3/4” Nipple

13 3/4” Nipple

14 16" Elbow

Injection ointTMLs  Description

110.0 3D Upstream

140.0 180° Impingement

141.0 360° Around Nozzle

142.0 1 D Downstream

53.0 Condensate Injection

Sample Thickness and Corrosion Data on Injection Circuit TMLs

LL

8

Unit Gas Recovery
Name: Unit
Inspection { May-93 | Nov-84 | Oct-85
Date:
TML No. Size Nominal Minimum  |Measured!Measuredi{Measured] Short |[Long Tem| Retire
Thickness! Aliowable |ThicknessiThickness|Thickness] Term Corrosion Date
Thickness Corrosion Rate
Rate (mpy)
{mpy)
53.0 1.5" NOZZLE 0.20" 0.06" 0.15" 0.15" 0.15* 0 0 -
110.0 0@ 60" 0.375" 0.13" 0.48" 0.48" 0.48" 0 0 -
140.0 180 DEG 0.375" 0.13" 0.38" 0.39" 0.39" [) 0 -
141.0 360 DEG. 0.375" 0.13" 0.3g* 0.28" 0.26" 24 59 12/1997
142.0 1D 0.375" 0.13" 0.39" 0.38" 0.24" 168 68 5/1996
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system.
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Figure 4: Piping Inspection Isometric of Chemical Injection Circuit at Hydroformer

30“‘\
S

105

3

103

29

Debutanizer Tower

6" elbow

31 6" pipe

' . . .' i
loo injection Nozzle
101 360°
102 Impingement Pt.
103 D
104 5D
105 1st Change Direction
106 10D
107 2nd Change Direction

Thickness and Corrosion Data of Inlet Piping TMLs

umt Hydroformer
Name:
Inspection Apr-86 Mar-20 | Mar-85
Date:
TML No. Size Nominal Minimum Measured { Measured | Measured| Short Long |Retire Date
Thickness| Allowable {Thickness | Thickness | Thickness | Corresion | Corrasion
Thickness Rate (mpy)|{Rate (mpy)
28.0 6" 0.28" 0.11" 0.29" 027" 0.18" 18 12 1/1999
29.0 &" 0.28" o1 0.2¢9" 0.29" 0.24" 10 6 3/2008
30.0 8" 0.28" 0.4 0.30" 0.30" 0.22" 16 9 112002
31.0 [ 0.28" 0.11" 0.28" 0.24" 0.16" 16 13 4/1998
320 6" 0.28" o.11 - - 0.18" - 14 1/1998
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SPECIALNOTES

I. APl PUBLICATIONS NECESSARILY ADDRESS PROBLEMS OF A GENERAL
NATURE. WITH RESPECT TO PARTICULAR CIRCUMSTANCES, LOCAL, STATE,
AND FEDERAL LAWS AND REGULATIONS SHOULD BE REVIEWED.

2. API IS NOT UNDERTAKING TO MEET THE DUTIES OF EMPLOYERS, MANU-
FACTURERS, OR SUPPLIERS TO WARN AND PROPERLY TRAIN AND EQUIP
THEIR EMPLOYEES. AND OTHERS EXPOSED, CONCERNING HEALTH AND
SAFETY RISKS AND PRECAUTIONS, NOR UNDERTAKING THEIR OBLIGATIONS
UNDER LOCAL, STATE, OR FEDERAL LAWS.

3. INFORMATION CONCERNING SAFETY AND HEALTH RISKS AND PROPER
PRECAUTIONS WITH RESPECT TO PARTICULAR MATERIALS AND CONDI-
TIONS SHOULD BE OBTAINED FROM THE EMPLOYER, THE MANUFACTURER
OR SUPPLIER OF THAT MATERIAL, OR THE MATERIAL SAFETY DATA SHEET.

4. NOTHING CONTAINED IN ANY API PUBLICATION IS TO BE CONSTRUED AS
GRANTING ANY RIGHT, BY IMPLICATION OR OTHERWISE. FOR THE MANU-
FACTURE, SALE, OR USE OF ANY METHOD, APPARATUS, OR PRODUCT COV-
ERED BY LETTERS PATENT. NEITHER SHOULD ANYTHING CONTAINED IN
THE PUBLICATION BE CONSTRUED AS INSURING ANYONE AGAINST LIABIL-
ITY FOR INFRINGEMENT OF LETTERS PATENT.

5. GENERALLY, APl STANDARDS ARE REVIEWED AND REVISED. REAF-
FIRMED, OR WITHDRAWN AT LEAST EVERY FIVE YEARS. SOMETIMES A ONE-
TIME EXTENSION OF UP TO TWO YEARS WILL BE ADDED TO THIS REVIEW
CYCLE. THIS PUBLICATION WILL NO LONGER BE IN EFFECT FIVE YEARS AF-
TERITSPUBLICATION DATE ASAN OPERATIVE APl STANDARD OR. WHERE
AN EXTENSION HAS BEEN GRANTED, UPON REPUBLICATION. STATUS OF THE
PUBLICATION CAN BE ASCERTAINED FROM THE APl AUTHORING DEPART-
MENT [TELEPHONE (202) 682-8000]. A CATALOG OF API PUBLICATIONS AND
MATERIALS IS PUBLISHED ANNUALLY AND UPDATED QUARTERLY BY API,
1220 L STREET, N.W,, WASHINGTON, D.C. 20005.

Copyright @ 1993 American Petroleum Institute
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FOREWORD

The Piping Inspection Codeis aresult of aneed for an inspection code applicable to pip
ing systems constructed in accordance with ASME B3 1.3, Chemical Plant and Petroleum
Refinery Piping, and other piping code sections. This publication complements API 5 10,
Pressure Vessel Inspection Code, and APl Standard 653, Tank Inspection, Repair, Alter-
ation, and Reconstruction, by setting forth practices for piping systems associated with
pressure vessels and atmospheric storage tanks.

It is the purpose of the Piping Inspection Code to establish requirements and guidelines
that will alow owners and users of piping systems to maintain the safety and integrity of
the systems after they have been placed into service.

Itistheintent of the American Petroleum Institute to periodically revise this publication.
All owners and operators of piping systems are invited to report their experiences inspect-
ing and repairing piping systems whenever such experiences suggest a need for revision or
expansion of the practices set forth herein.

API publications may be used by anyone desiring to do so. Every effort has been made
by the Institute to assure the accuracy and reliability of the information contained in them;
however, the Ingtitute makes no representation, warranty, or guarantee in connection with
this publication and hereby expressly disclams any liability or responsibility for loss or
damage resulting from its use or for the violation of any federal, state, or municipal regu-
lation with which this publication may conflict.

Suggested revisions, reports, comments, and requests for interpretations arc invited and
should be submitted to the director, Manufacturing, Distribution and Marketing Depart-
ment, American Petroleum Ingtitute, 1220 L Street, N.W., Washington, D.C. 20005. See

Appendix C for further information regarding inquiries about API 570.
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IMPORTANT INFORMATION CONCERNING USE OF
ASBESTOSORALTERNATIVEMATERIALS

Asbestos is specified or referenced for certain components of the equipment described in
some API standards. It has been of great usefulness in minimizing fire. hazards associated
with petroleum processing. It also has been a universal sealing material. compatible with
most refining fluid services.

Certain serious adverse health effects are associated with asbestos, among them the se-
rious and often fatal diseases of lung cancer, asbestosis, and mesothelioma (a cancer of the
chest and abdominal linings). The degree of exposure to ashestos varies with the product
and the work practices involved.

Consult the most recent edition of the Occupational Safety and Health Administration
(OSHA), U.S. Department of Labor, Occupational Safety and Hedth Standard for As-
bestos, Tremalite. Anthophyllite, and Actinolite, 29 Code of Federal Regulations Section
1910.001; the U.S. Environmental Protection Agency, National Emission Standard for As-
bestos, 40 Code of Federal Regulations Sections 6 1.140 through 6 1.156; and the proposed
rule by the U.S. Environmental Protection Agency (EPA) proposing labeling requirements
and phased banning of asbestos products, published at 51 Federal Register 3738-3759
(January 29, 1986; the most recent edition should be consulted).

There are currently in use and under development a number of substitute materials to re-
place asbestos in certain applications. Manufacturers and users are encouraged to develop
and use effective substitute materials which can meet the specifications for, and operating
requirements of, the equipment to which they would apply,

SAFETY AND HEALTH INFORMATION WITH RESPECT TO PARTICULAR
PRODUCTS OR MATERIALS CAN BE OBTAINED FROM THE EMPLOYER, THE
MANUFACTURER OR SUPPLIER OF THAT PRODUCT OR MATERIAL, OR THE
MATERIAL SAFETY DATA SHEET.

Copyright by the AMERICAN PETROLEUM INSTITUTE(API)
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Piping Inspection Code-Inspection, Repair, Alteration, and Rerating
of In-Service Plplng Systems

SECTION |-GENERAL

1.1 Scope
114 GENERAL APPLICATION

1.1.1.1 Coverage

API 570 covers inspection, repair, ateration, and rerat-
ing procedures for metallic piping systems that have been
in-service.

1112

API 570 was developed for the petroleum refining and
chemical process industries but may be. used, where practi-
cal, far any piping system. It is intended for use by organiza-
tions that maintain or have access to an authorized inspection
agency, arepair organization, and technically qualified pip-
ing engineers, inspectors, and examiners. al as defined in
Appendix A.

Intent

1 .1.1.3 Limitations

API 570 shall not be used as a substitute for the original
construction requirements governing a piping system before
it is placed in-service; nor shal it be used in conflict with
any prevailing regulatory requirements.

1.1.2 SPECIFICAPPLICATIONS
1.1.2.1 Included FluldServices

Except as provided in 1.1.2.2, APl 570 applies to piping
systems for process fluids, hydrocarbons, and similar flam-
mable or toxic fluid services, such as the following:

a. Raw, intermediate, and finished petroleum products.

b. Raw, intermediate, and fmished chemical products.

c. Catalyst lines.

d. Hydrogen, natural gas, fuel gas, and Rare systems.

e. Sour water and hazardous waste streams above threshold
limits, as defined by jurisdictional regulations.

f. Hazardous chemicals above threshold limits, as defined
by jurisdictional regulations.

1.1.22 Excluded and Optional Plplng Systems

The fluid services and classes of piping systems listed
below are excluded from the specific requirements of API
570 but may be included at the owner’s or user’s (owner-
user’s) option.

Copyright by the AMERICAN PETROLEUM INSTITUTE(AP)
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a. Fluid services that are excluded or optional include the
following:
1. Hazardous fluid services below threshold limits, as de-
fined by jurisdictional regulations.
2. Water (including fire protection systems), steam, steam-
condensate, boiler feed water, and Category D fluid ser-
vices, as defined in ASME B3 1.3.
b. Classes of piping systems that are excluded or optional
are as follows:
1. Piping systems on movable structures covered by juris-
dictional regulations, including piping systems on trucks,
ships, barges, and other mobile equipment.
2. Piping systems that are an integral-part or component of
rotating or reciprocating mechanical devices, such as
pumps, compressors, turbines, generators, engines, and
hydraulic or pneumatic cylinders where the primary de-
sign considerations and/or stresses are derived from the
functional requirements of the device.
3. Internal piping or tubing of fired heaters and boilers, in-
cluding tubes, tube headers, return bends, external
crossovers, and manifolds.
4. Pressure vessels, heaters, furnaces, heat exchangers,
and other fluid handling or processing equipment, includ-
ing internal piping and connections for external piping.
5. Plumbing. sanitary sewers, process waste sewers, and
storm sewers.
6. Piping or tubing with an outside diameter not exceeding
that of NPS %.
7. Nonmetallic piping and polymeric or glass-lined piping.

1.2 Glossary

Definitions of technical terms used throughout this docu-
ment may be found in Appendix A.

1.3 Referenced Publications

The most recent editions of the following standards,
codes, and specifications arc cited in API 570.

API
510 Pressure Vessel Inspection Code
RP 571" Recognition of Conditions Causing Deterio-
ration or Failure

‘ AP| Guide for Inspection of Refinery Equipment, Chapter 11, “ Conditions
Causing Deterioration Or Failures,” isunder revision and will be reissued as
APl Recommended Practice 57 1.

-
-
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API 670

RP 574 Inspection of Piping, Tubing, Valves, and
Fittings
Std 598  Valve Inspection and Testing
RP 651 Cathodic Protection of Aboveground Petro-
leum Storage Tanks
RP 750 Management of Process Hazards
Publ 920 Prevention of Brittle Fracture of Pressure
Vessels
Publ 2201 Procedures for Welding or Hot Tapping on
Equipment Containing Flammables (under
revision)
ASME?
B16.34 Valves—Flanged, Threaded, and Welding End
B31.3 Chemical Plant and Petroleum Refinery
Piping
B31G Manual for Determining the Remaining
Strength of Corroded Pipelines
Boiler and Pressure Vessel Code, Section VIII. “Pressure
Vessals.” Division; 1 and 2; S&on 11X,
“Welding and Brazing Qualifications’

ASTM’
GS7 Methodfor Field Measurement of Soil Resis-
tivity Using the Wenner Four-Electrode
Method

NACE*

RPO169 Control of External Corrosion on Under-
ground or Submerged Metallic Piping* Sys-
tem

RPO170 Protection of A ustenitic Stainless Steels jivm
Polythionic Acid Stress Corrosion Cracking
During Shutdown of Refinery Equipment

RP0274 High-Voltage Electrical Inspection of
Pipeline Coatings Prior to Installation

3American Society of Mechanical Engineers, 345 East 47th Street, New

York, New York0017.

3Aamerican Saciety for Testing and Materials, 1916 Race Street, Philadel-
ghia. Penasylvania 19103-1187.

National Association of Corrosion Engineers. P.O. Box 218340, Houston.
Texas 77218.

RP0275 Application OF Organic Coatings to the Ex-
ternal Surface of Steedl Pipe for Under-
ground Service

NFPA®
704  Mdentification of the Fire Hazards of Materials

1.4 Responsibllities
1.41 OWNER-USER

The owner-user of a piping installation within the scope of
API 570 shall have overdl responsibility for compliance
with API 570 and for establishing requirements for inspec-
tion, repair, ateration, and rerating.

1.4.2PIPINGENGINEER

The piping engineer is responsible to the owner-user for
activities involving design, engineering review, anaysis, or
evauation of piping systems covered by API 570.

1.43 REPAIR ORGANIZATION

The repair organization shall be responsible to the owner-
user and shall provide the materials, equipment, quality
control, and workmanship necessary to maintain and repair

the piping systems in accordance with the requirements of
APl 570.

1.4.4INSPECTOR

The inspector shall be responsible to the owner-user for
determining that the requirements of API 570 for inspection,
examination, and testing are met.

1.45 OTHER PERSONNEL

Operating. maintenance, or other personnel who have spe-
cid knowledge or expertise related to particular piping sys-
temsshall be responsible for promptly making the inspector or
piping engineer aware of any unusua conditions that may de-
velop and for providing other assistance, where appropriate.

SNational Fire Protection Association, 1 Batterymarch Park. PO. Box 9101,

Quincy, Massachusetts 02269-9101.
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SECTION P-OWNER-USER INSPECTION ORGANIZATION

2.1 General

An owner-user of piping systems shall exercise control of
the piping system inspection program, inspection frequen-
cies, and maintenance and is responsible for the function of
an authorized inspection agency in accordance with the pro-
visions of API 570. The owner-user inspection organization
also shall control activitiesrelating to thererating, repair, and
ateration of its piping systems.

2.2 Authorized Plplng Inspector

Quallflcatlon

Authorized piping inspectors shall have education and ex-
perience equal to at |east one of the following:

Copyright by the AMERICAN PETROLEUM INSTITUTE(API)
Tue Apr 29 15:10:19 1997

2-1

a. A degree in engineering plus one year of experience in
the design, construction, repair. operation, or inspection of
piping systems.

b. A 2-year certificate in engineering or technology from
a technica college plus 2 years of experience in the de-
sign, construction, repair, operation, or inspection of pip-
ing systems.

¢. The equivalent of a high school education plus 3 years of
experience in the design, construction, repair, operation, or
inspection of piping systems.

d. Five years of experience inspecting in-service piping
systems.

Whenever the term inspector is used in this document, it
refersto an authorized piping inspector.

s s e
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SECTION 3—INSPECTION AND TESTING PRACTICES

3.1 Preparation

Because of the products carried in piping systems, safety
precautions are important when the system is inspected, par-
ticularly if it is opened for examining internal surfaces.

Procedures for segregating piping systems, installing
blanks (blinds), and testing tightness should be an integral
part of safety practices. Appropriate safety precautions shall
be taken before any piping system is opened and @fore
some types of external inspection are performed. in general,
the section of piping to be opened should be isolated from all
sources of harmful liquids, gases, or vapors and purged to re-
move al oil and toxic or flammable gases and vapors.

Before starting inspection. inspection personnel should
obtain permission to work in the vicinity from operating per-
sonnel responsible for the piping system.

Protective quipment shall be worn when required by reg-
ulations or by the owner-user.

Nondestructive testing equipment used for inspection is
subject to the operating facility’s safety requirements for
electrical equipment.

In general, inspectors should familiarize themselves with
prior inspection results and repairs in the piping systems for
which they are responsible. In particular, they should briefly
review the history of individual piping systems before mak-
ing any of the inspections required by API 570. (See Section
6 of APl Recommended Practice 574 for supplementary rec-
ommended practices.)

3.2 inspection for Specific Types of
Corroslon and Cracking

Note: For more thorough and complete information, see API Recommended
Practice 57 1.

Each owner-user should provide specific attention to the
need for inspection of piping systems that are susceptible to
the following specific types and areas of deterioration:

a. Injection points.

b. Deadlegs.

c. Corrosion under insulation (CUT).

d. Soil-to-air (S/A) interfaces.

e. Service specific and localized corrosion.
f. Erosion and corrosion/erosion.

g. Environmental cracking.

h. Corrosion beneath linings and deposits.
i. Fatigue cracking;

j- Creep cracking.

k. Brittle fracture.

1. Freeze damage.

Other areas of concern are noted in APl Recommended
Practice 571 and 8.1 of APl Recommended Practice 574.

3.21INJECTION POINTS

Injection points are sometimes subject to accelerated or
localized corrosion from normal or abnormal operating con-
ditions. Those that are may be treated as separate inspection
circuits, and these areas need to be inspected thoroughly on
aregular schedule.

When designating an injection point circuit for the pur-
poses of inspection, the recommended upstream limit of the
injection point circuit is a minimum of 12 inches (305 mil-
limeters) or three pipe diameters upstream of the injection
point, whichever is greater. The recommended downstream
limit of the injection point circuit is the second change in
flow direction past the injection point, or 25 feet (7.6 meters)
beyond the first change in flow direction. whichever is less.
In some cases, it may be more appropriate to extend this cir-
cuit to the next piece of pressure equipment, as shown in
Figure 1.

The selection of thickness measurement locations (TMLs)
within injection point circuits subject to localized corrosion
should be in accordance with the following guidelines:

a. Establish TMLs on appropriate fittings within the injec-
tion point circuit.

b. Establish TMLs on the pipewall at the location of ex-
pected pipe wall impingement of injected fluid.

c. TMLs & intermediate locations along the longer straight
piping within the injection point circuit'may be required.

d. Establish TMLs at both the upstream and downstream
limits of the injection point circuit.

The preferred methods of inspecting injection points arc
radiography and/or ultrasonics. as appropriate to establish
the minimum thickness at each TML. Close grid ultrasonic
measurements or scanning may be used, as long as temper-
atures are appropriate.

For some applications. it is beneficial to remove piping
spools to facilitate a visual inspection of the inside surface.
However, thickness measurements will still be required to
determine the remaining thickness.

During periodic scheduled inspections, more extensive in-
spection should be applied to an area beginning 12 inches
(305 millimeters) upstream of the injection nozzle and con-
tinuing for at least ten pipe diameters downstream of the in-
jection point. Additionally, measure and record the thickness
at alt TMLs within the injection point circuit.

3.2.2 DEADLEGS

The corrosion rate in deadlegs can vary significantly from
adjacent active piping. The inspector should monitor wall
thickness 0N selected deadlegs, including both the stagnant
end and at the connection to an active line. In hot piping sys-
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Overhead vapor line

or 12" minimum,

J

_~ whicheveris
/V greater

+| 3D
/"{Jecg

Distitlation
column

~__ 7

Overhead
condensers

*Typicalthicknessmeasurement
locations(TMLs)within Injection
poINt circits

Figure 1—Typical Injection. Point Piping Circuit

terns, the high-point area may corrode due to convective cur-
rents set up in the deadleg. Consideration should be given to
removing deadlegs that serve no further process purpose.

3.2.3 CORROSION UNDER INSULATION

External inspection of insulated piping systems should in-
clude areview of the integrity of the insulation system for
conditions that could lead to corrosion under insulation
(CUI) and for signs of ongoing CUL. Sources of moisture
may include rain, water leaks. condensation. and deluge sys-
tems. The most common forms of CUI are localized corro-
sion of carbon steel and chloride stress corrosion cracking of
austenitic stainless steels.

This section provides guidelines for identifying potential
CUI areas for inspection. The extent of a CUI inspection
program may vary depending on the local climate-warmer,
marine locations may require a very active program; whereas
cooler, drier, midcontinent |ocations may not need as exten-
sive a program.

Copyright by the AMERICAN PETROLEUM INSTITUTE(API)
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3.2.3.1 h-mutated Piping Systems Susceptible
to CUI

Certain areas and types of piping systems are potentially
more suseceptible to CUT, including the following:

a. Areas exposed to mist overspray from cooling water towers.
b. Areas exposed to steam vents.

C. Areas exposed to deluge systems.

d. Areas subject to process spills. ingress of moisture, or
acid vapors.

c. Carbon stedl piping systems, including those insulated for
personnel protection, operating between 25°F and 250°F
(-4%’ and 120°C). CUI is particularly aggressive where op-
crating temperatures cause frequent or continuous condensa
tion and re-evaporation of atmospheric moisture.

f. Carbon steel piping systems that normally operate in-ser-
vice above 250°F (120°C) but are in intermittent service.

g- Deadlegs and attachments that protrude from insulated
piping and operate at a different temperature than the oper-
acing temperature of the active line.
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h. Austenitic stainless steel piping systems operating be-
tween 150°F and 400°F (65°C and 204°C). (These systems
are susceptible to chloride stress corrosion cracking.)

i. Vibrating piping systems that have a tendency to inflict
damage to insulation jacketing providing a path for water
ingress.

j. Steam traced piping systems that may experience tracing
leaks, especialy at tubing fittings beneath the insulation.

k. Piping systems with deteriorated coatings and/or

wrappings.

3.2.3.2 Common Locations on Piping Syotems
Susceptible to CUI

The areas of piping systems listed in 3.2.3.1 may have
specific locations within them that are more susceptible to
CUI, including the following:

a. All penetrations or breaches in the insulation jacketing
systems, such as:

1. Dcadiegs (vents, drains, and other similar items).

2. Pipe hangers and other supports.

3. Valves and fittings (irregular insulation surfaces).

4. Bolted-on pipe shoes.

5. Steam tracer tubing penetrations.
b. Termination of insulation at flanges and other piping
components.
¢. Damaged or missing insulation jacketing.
d. Insulation jacketing scams located on the top of horizontal
piping or improperly lapped or sealed insulation jacketing.
e. Termination of insulation in a vertical pipe.
f. Caulking that has hardened, has separated, or is missing.
g. Bulgesor staining of the insulation or jacketing system or
missing bands. (Bulges may indicate corrosion product
buildup.)
h. Low pointsin piping systems that have a known breach in
the insulation system, including low points in long unsup-
ported piping runs.
i. Carbon or low-alloy steel flanges, bolting. and other com-
ponents under insulation in high-alloy piping systems.

Locations where insulation plugs have been removed to
permit piping thickness measurements on insulated piping
should receive particular atention. These plugs should be
promptly replaced and sealed. Severa types of removable
plugs are commercialy available that permit inspection and
identification of inspection points for future reference.

3.2.4 SOIL-TO-AIR INTERFACE

Sail-to-air (S/A) interfaces for buried piping without a& -
quate cathodic protection shall be included in scheduled ex-
ternal piping inspections. Inspection at grade should check
for coating damage, bare pipe, and  pit depth measurements.
If significant corrosion is noted, thickness measurements and

excavation may be required to assess whether the corrosion
iSlocalized tO the S/A interface or may be more pervasive to
the buried system. Thickness readings at S/A interfaces may
expose the metal and accelerate corrosion if coatings and
wrappings are not properly restored. If the buried piping has
satisfactory cathodic protection as determined by monitor-
ing in accordance with Section 7, excavation is required
only if there is evidence of coating or wrapping damage. If
the buried piping is uncoated at grade. consideration should
be given to excavating 6 inchesto 12 inches (152 millime-
ters to 305 millimeters) deep to assess the potential for hid-
den damage.

At concrete-to-air and asphalt-to-air interfaces of buried
piping without cathodic protection, the inspector should look
for evidence that the caulking or sedl at the interface has de-
teriorated and allowed moisture ingress. If such a condition
exists on piping systems over 10 years old. it may be neces-
sary to inspect for corrosion beneath the surface before re-
sealing the joint.

3.2.5 SERVICE-SPECIFIC AND LOCALIZED
CORROSION

An effective inspection program includes the following
three elements, which help identify the potential for service-
specific and localized corrosion and select appropriate
TMLs:

a. An inspector with knowledge of the service and where
corrosion is likely to occur.

b. Extensive use of nondestructive examination (NDE).

¢. Communication from operating personnel when process
upsets occur that may affect corrosion rates.

A few examples of where this type of corrosion might be
expected to occur include the following:

a. Downstream of injection points and upstream of product
separators, such as in hydroprocess reactor effluent lines.

b. Dew-point corrosion in condensing streams, such as over-
head fractionation.

¢. Unanticipated acid or caustic carryover from processes
into nonalloyed piping Systems or caustic carryover into
stedl piping systems that are not postweid heat treated.

d. Ammonium salt condensation locations in hydroprocess
streams.

e. Mixed-phase flow and turbulent areas in acidic systems.
f. Mixed grades of carbon steel piping in hot corrosive oil
service [450°F (232°C) or higher temperature and sulfur
content in the oil greater than 0.5 percent by weight]. Note
that nonsilicon killed steel pipe, such as A-53 and API 5L,
may corrode at higher rates than does silicon killed steel
pipe, such as A-106, especidly in high-temperature sulfidic
environments

g. Underdeposit corrosion in dlurries, crystallizing solutions,
or coke producing fluids.
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h. Chloride carryover in catalytic reformer regeneration
systems.

i. Hot-spot corrosion on piping with external heat tracing.
In services that become much more corrosive to the piping
with increased temperature, such as caustic in carbon steel,
COIroSioN Or stress corrosion cracking (SCC) can occur at hot
spots that develop under low-flow conditions.

3.2.6 EROSION AND CORROSION/EROSION

Erosion can be defined as the removal of surface material
by the action of numerous individual impacts of solid or lig-
uid particles. It can be characterized by grooves, rounded
holes, waves, and valleysin a dircctiunal pattern. Erosion
usually occurs in areas of turbulent flow, such as at changes
of direction in a piping system or downstream of control
valves where vaporization may take place. Erosion damage
is usually increased in streams with large quantities of solid
or liquid particles flowing a high velocities. A combination
of corrosion and erosion (corrosion/erosion) results in signif-
icantly greater metal loss than can be expected from corro-
sion or erosion alone. Thistype of corrosion occurs at
high-velocity and high-turbulence areas.

Examples of places to inspect include the following:

a. Downstream of control valves, especialy when flashing
is occurring.

b. Downstream of orifices.

c. Downstream of pump discharges.

d At any point of flow direction change, such as the inside
and outside radius of elbows.

e. Downstream of piping configurations (such as welds.
thermowells, and flanges) that produce turbulence, particu-
larly in velocity sensitive systems such as ammonium hydro-
sulfide and sulfuric acid systems.

Areas suspected of having localized corrosion/erosion
should be inspected using appropriate NDE methods that
will yield thickness data over a wide area, such as ultrasonic
scanning, radiographic profile, or eddy current.

3.2.7 ENVIRONMENTAL CRACKING

Piping system construction materials are normally se-
lected to resist the various forms of stress corrosion cracking
(8CC). However, some piping systems may be susceptible to
environmental cracking due to upset process conditions.
CUI, unanticipated condensation, or exposure to wet hydro-
gen sulfide or carbonates.

Examples of environmental cracking include:

a. Chloride SCC of austenitic stainless steels due to mois-
ture and chlorides under insulation. under deposits, under
gaskets, or in crevices.

b. Polythionic acid SCC of sensitized austenitic alloy
steels due to exposure to sulfide, moisture condensation,
or OXygen.
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¢. Caustic SCC (sometimes known as caustic embyittlement).
d. Amine SCC in piping systems that are not stress relieved.
e. CarbonateSCC.

f. SCC in environments where wet hydrogen sulfide exists,
such as systems containing sour water.

g- Hydrogen blistering and hydrogen induced cracking
(I-UC) damage.

W hen theinspector suspectsor isadvised that specificcir-
cuitsmay be susceptibleto environmental cracking, thein-
spector should schedule supplemental inspections. Such
inspections can take the form of surface NDE {liquid-pene-
trant testing (PT) or wet fluorescent magnetic-particle testing
(WFMT)] or ultrasonics (UT). Where available, suspect
spools may be removed from the piping system and split
open for internal surface examination.

Ifenvironmental crackingisdetected duringinternal in-
spection of pressure vessels and the piping is considered
equally susceptible, the inspector should designate appropri-
ate piping spools upstream and downstream.of the pressure
vessel for environmental cracking inspection. When the po-
tential for environmental cracking is suspected in piping cir-
cuits, inspection of selected spools should be scheduled prior
toan upcomingturnaround. Such inspection should provide
information useful in forecasting turnaround maintenance,

3.2.8 CORROSION BENEATH LININGS AND
DEPOSJTS

If external or internal coatings, refractory linings, and cor-
rosion-resistant linings are in good condition and there is no
reason to suspect a deteriorated condition behind them, it is
usually not necessary to remove them for inspection of the
piping system.

The effectivenessof corrosion-resistant liningsisgreatly
reduced due to breaks or holes in the lining. The linings
should be inspected for separation, breaks, holes, and blis-
ters. If any of these conditions are noted, it may he necessary
to remove portions of the internal lining to investigate the ef-
fectiveness of the lining and the condition of the metal pip
ing beneath the lining. Alternatively, ultrasonic inspection
from the externat surface can be used to measure wall thick-
ness and detect separation, holes. and blisters.

Refractory linings may spall or crack in-service with or
without causing any significant problems. Corrosion beneath
refractory linings can result in separation and bulging of the
refractory. If bulging or separation of the refractory lining is
detected, portions of the refractory may be removed to per-
mit inspection of the piping beneath the refractory. Other-
wise, ultrasonic thickness measurements may be made from
the external metal surface.

Where operating deposits, such as coke, are present on a
pipe surface, it is particularly imponant to determine
whether such deposits have active corrosion beneath them.
This may require a thorough inspection in selected aress.
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Larger lines should have the deposits removed in selected
critical areas for spot examination. Smaller lines may require
that selected spools be removed or that NDE methods. such
as radiography, be performed in selected areas.

3.2.9 FATIGUE CRACKING

Fatigue cracking of piping systems may result from exces-
sive cyclic stresses that are often well below the static yield
strength of the material. The cyclic stresses may be imposed
by pressure, mechanical, or thermal means and may result in
low-cycle or high-cycle fatigue. The onset of low-cycle fa-
tigue cracking is often directly related to the number of heat-
up and cool-down cycles experienced. Excessive piping
system vibration (such as machine or flow-induced vibra-
tions) also can cause high-cycle fatigue damage. (See 3.34
for vibrating piping surveillance requirements and 5.5 for de-
sign requirements associated with vibrating piping.)

Fatigue cracking can typically he first detected at points of
high-stress intensification such as branch connections. L oca-
tions where metals having different coefficients of therma
expansion are joined by welding may be susceptible to ther-
mal fatigue. (See 4.5.3 for fatigue considerations relative to
threaded connections.) Preferred NDE methods of detecting
fatigue cracking include liquid-penctrant testing (PT) or
magnetic-particle testing (MT). Acoustic emission also may
be used to detect the presence of cracksthat are activated by
test pressures or stresses generated during the test.

It is important that the owner-user and the inspector un-
derstand that fatigue cracking islikely to cause piping failure
before it is detected with any NDE methods. Of the total
number of fatigue cycles required to produce a failure, the
vast majority are requited to initiate a crack and relatively
fewer cyclesarerequiredtoPropagatethecrack tofailure.
Therefore, proper design and installation in or&r to prevent
the initiation of fatigue cracking are important.

3.2.10 CREEP CRACKING

Creep is dependent on time, temperature, and stress.
Creep cracking may eventually occur a design conditions,
since some piping code allowable stressesarein the creep
range. Cracking is accelerated by creep and fatigue interac-
tion when operating conditions in the creep range are cyclic.
Theinspector should Pay particular attention to areas of high
stress concentration. If excessive temperatures are encoun-
tered, mechanical property and microstructural changes in
metals also may take place. which may permanently weaken
equipment. Sincecr eep is dependent ontime, temperature,
and stress, the actual or estimated levels of these parameters
shall he used in any evaluations. An example of where creep
cracking hasbeen experienced intheindustryisin 1% Cr
steels above Y00°F (482°C).

NDE methods of detecting creep cracking include liquid-
penetrant testing, magnetic-particle testing, ultrasonic test-

ing, radiographic testing, and in-situ metallography. Acous-
tic emission testing al SO may beused todctect the presence
of cracks that are activated by test pressures or stresses gen-
erated during the test.

3.2.11 BRITTLE FRACTURE

Carbon, low-alloy, and other ferritic steels may be suscep-
tibleto brittle failure at or below ambient temper atures. Brit-
tle fracture usually is not a concern with relatively thin-wall
piping. Most brittle fractures have occurred on the first appli-
cation of a particular stress level (that is, the first hydrotest or
overload) unlesscritical defects ar cintroduced duringser-
vice. The potential for a brittle failure shall be considered
when rehydrotesting or more carefully evaluated when test-
ing equipment pneumatically or when adding any other ad-
ditional loads. Special attention should be given to low-alloy
steels(especially 2% Cr-| Mo material), because they may be
prone to temper embrittlement, and to ferritic stainless steels.

API Publication 920. which containsinfor mation on the
prevention of brittle fracturein pressure vessels, may be use-
ful in assessing brittle fracture potential in piping systems.

3.2.12 FREEZE DAMAGE

At subfreezing temperatures, water and agueous solutions
in piping systems may freeze and cause failur e because of
the expansion of these materials. After unexpectedly severe
freezing weather, it isimportant to check for freeze damage
to exposed piping components before the system thaws. If
rupture has occurred, leakage may be temporarily prevented
by the frozen fluid. Low points, driplegs, and deadlegs of
piping systems containing water should be carefully exam-
ined for damage.

3.3 Types of Inspection and
Surveillance

Different types of inspection and surveillance are appro-
priate depending on the circumstances and the piping system
(seenote). Theseincludethefollowing:

a Internal visual inspection.

b. Thickness measurement inspection.
¢. External visual inspection.

d. Vibrating piping inspection.

€. Supplemental inspection.

Note:See Section 4for frequency and extent of ingpection.

3.3.1 INTERNAL VISUAL INSPECTION

Internal visual inspections are not normally performed on
piping. When possible and practical, internal visuat inspec-
tions may be scheduled for systems such as large-diameter
transfer lines,ducts, catalyst lines.or other large-diameter
piping systems. Such inspections are Similar in nature to

BLLL



API| RPx57093 B 0732290 0513429 382 N

36 API 5§70

pressure vessel inspections and should be conducted with
methods and procedures similar to those outlined in API
5 10. Remote visua inspection techniques can be helpful
when inspecting piping too small to enter.

An additiona opportunity for internal inspection is pro-
vided when piping flanges are disconnected, allowing visual
inspection of internal surfaces with or without the use of
NDE. Removing a section of piping and splitting it along its
centerline also permits access to internal surfaces where
there is need for such inspection.

3.3.2 THICKNESS MEASUREMENT INSPECTION

A thickness measurement inspection is performed to de-
termine theinternal condition and remaining thickness of the
piping components. Thickness measurements may be ob-
tamed when the piping system isin or eut of operation and
shall he performed by the inspector or examiner.

3.3.3 EXTERNAL VISUAL INSPECTION

An external visual inspection is performed to determine
the condition of the outside of the piping, insulation system,
painting and coating systems, and associated hardware; and
w check for signs of misalignment, vibration, and leakage.
When corrosion product buildup is noted at pipe support
contact areas, lifting off such supports may be required for
inspection. When doing this, care should be exemised if the
piping is in-service,

Externa piping inspections may be made when the piping
system is in-service. Refer to APl Recommended Practice
574 for information helpful in conducting external inspec-
tions. A checklist to assist in conducting external piping in-
spections is provided in Appendix E.

External inspections shall include surveys for the condi-
tion of piping hangers and supports. Instances of cracked or
broken hangers, “bottoming out” of spring supports, support
shoes displaced from support members, or other improper
restraint conditions shall be reported and corrected. Verticat
support dummy legs also shall be checked to confirm that
they have not filled with water that is causing external corro-
sion of the pressure piping or internal corrosion of the sup-
port leg. Horizontal support dummy legs also shall be
checked to determine that dlight displacements from hori-
zontal are not causing moisture traps against the external sur-
face of active piping components.

Bellows expansion joints should be inspected visually for
unusual deformations. misalignment, or displacements that
may exceed design.

The inspector should examine the piping system for the
presence of any field modifications or temporary repairs not
previoudly recorded on the piping drawings and/or records.
The ingpector also should be dert to the presence of any
components in the service that may be unsuitable for long-
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term operation, such as improper flanges, temporary repairs
(clamps), modifications (flexible hoses), or valves of im-
proper specification. Threaded components that may be
more easily removed and installed deserve particular atten-
tion because of their higher potential for installation of im-
proper components.

The periodic external inspection called for in 4.3 should
normally be conducted by the inspector, who aso shall be re-
sponsible for record keeping and repair inspection. Qudlified
operating or maintenance personnel also may conduct exter-
nal inspections. when acceptable to the inspector. In such
cases, the persons conducting external piping inspectionsin
accordance with API 570 shall be qualified through an ap-
propriate amount of training.

In addition to these scheduled externa inspections that are
documented in inspection records, it is beneficial for person-
nel who frequent the area to report deterioration or changes
to theinspector. (See Appendix E and 8.2 of APl Recom-
mended Practice 574 for examples of such deterioration.)

3.3.4 VIBRATING PIPING AND LINE MOVEMENT
SURVEILLANCE

Operating personnel should report vibrating or swaying
piping to engineering or inspection personnel for assessment.
Other significant line movements should be reported that
may have resulted from liquid hammer+ liquid slugging in
vapor lines, or abnormal thermal expansion. At junctions
where vibrating piping Systems are restrained, periodic mag-
netic-particle testing or liquid-pcnetrant testing should be
considered to check for the onset of fatigue cracking. Branch
connections should receive special attention.

3.3.5 SUPPLEMENTAL INSPECTION

Other inspections may be scheduled as appropriate or nec-
essary. Examples of such inspections include periodic use of
radiography and/or thermography to check for fouling or in-
ternal plugging, theumography to check for hot spots in re-
fractory lined systems, or inspection for environmental
cracking. Acoustic emission, acoustic lesk detection, and
thermography can be used for remote leak detection and
surveillance. Ultrasonics and/or radiography can be used for
detecting localized corrosion.

3.4 Thickness Measurement Locations
3.4.1 GENERAL

Thickness measurement |ocations (TMLs) are specific ar-
eas aong the piping circuit where inspections are to be
made. The nature of the TML varies according to its location
in the piping system. The selection of TMLs shall consider
the potential for localized corrosion and service-specific cor-
rosion as described in 3.2,
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3.4.2 TML MONITORING

Each piping system shall be monitored by taking thick-
ness measurements at TMLs. Piping circuits with high po-
tential consequencesif failure should occur and those subject
to higher corrosion rates or localized corrosion will normally
have more TMLs and be monitored more frequently (see
4.2). TMLs should be distributed appropriately throughout
each piping circuit. TMLs may be eliminated or the number
reduced under certain circumstances. such as olefin plant
cold side piping, anhydrous ammonia piping, clean noncor-
rosive hydrocarbon product, or high-alloy piping for product
purity. In circumstances where TMLs will be substantially
reduced or eiminated, persons knowledgeable in corrosion
should be consulted.

The minimum thickness at each TML can be located by ul-
trasonic scanning or radiography. Electromagnetic techniques
also can be used to identify thin areas that may then be mea-
sured by ultrasonics or radiography. When accomplished with
ultrasonics, scanning consists of taking several thickness
measurements at the TML searching for locaized thinning.
The thinnest reading or an average of severa measurement
readings taken within the area of atest point shall be recorded
and used to calculate corrosion rates, remaining life, and the
next inspection date in accordance with Section 5.

Where appropriate, thickness measurements should in-
clude measurements at each of the four quadrants on pipe
and fittings, with special attention to the inside and outside
radius of elbows and tees where corrosion/erosion could in-
crease corrosion rates. As a minimum, the thinnest reading
and its lncation shall he recorded.

TMLs should be established for areas with continuing
CUI, corrosion at /A interfaces, or other locations of po-
tentinl localized corrosion as well as for general, uniform
corrosion.

TMLs should be marked on inspection drawings and on
the piping system to allow repetitive measurements at the
same TMLs. This recording procedure provides data for
more accurate corrosion rate determination.

3.4.3 TML SELECTION

3.4.3.1 In selecting or adjusting the number and locations
of TMLs, the inspector should take into account the patterns
of corrosion that would be expected and have been experi-
enced intheprocessunit. A number of corrosion processes
common to refining and petrochemica units are relatively
uniform in nature, resulting in afairly constant rate of pipe
wall reduction independent of location within the piping cir-
cuit, either axialy or circumferentialy. Examples of such
corrosion phenomena include high-temperature sulfur cotro-
sion and sour water corrosion (provided velocities are not so
excessive as to cause local corrosion/erosion of ebows, tees,
and other similar items). In these situations, the number of
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TMLs requircd to monitor a circuit will be fewer than those
required to monitor circuits subject to more locaized metal
loss. In theory, a circuit subject to perfectly uniform corro-
sion could be adequately monitored with asingle TML. In
redity, corrosion is never truly uniform, so additional TMLs
may be required. Inspectors must use their knowledge (and
that of others) of the process unit to optimize the TML selec-
tion for each circuit, balancing the effort of collecting the
data with the benefits provided by the data.

3.4.3.2 More TMLs should be selected for piping systems
with any of the following characteristics:

a. Higher potential for creating a safety or environmental
emergency in the event of aleak.

b. Higher expected or experienced corrosion rates.

c. Higher potentia for localized corrosion.

d. More complexity in terms of fittings, branches. deadlegs,
injection points, and other similar items.

e. Higher potentia for CUL

3.4.3.3 Fewer TMLs can be selected for piping systems
with any of the following three characteristics:

a Low potential for creating a safety or environmental
emergency in the event of aleak.

b. Kelatively noncorrosive piping systcms.

c. Long, straight-run piping systems.

3.4.3.4 TMLs can be eliminated for piping systems with
either of the following two characteristics:

a. Extremely low potentia for creating a safety or environ-
mental emergency in the event of aleak.

b. Noncorrosive systems, as demonstrated by history or sim-
ilar service, and systems not subject to changes that could
Cause corrosion.

3.5 Thickness Measurement Methods

Ultrasonic thickness measuring instruments usually arethe
most accurate means for obtaining thickness measurements
oninstalled pipe larger than NPS1. Radiographic profile tech-
niques are preferred for pipe diameters of NPS 1 and smaller.
Radiographic profile techniques may be used for locating ar-
easto be measured, particularly in insulated systems or where
nonuniform or localized corrosion is suspected. Where prac-
tical, ultrasonics can then be used to obtain the actual thick-
ness of theareas to be recorded. Following ultrasonic readings
at TMLs, proper repair of insulation and insulation weather
coating is recommended to reduce the potential for CUL Ra-
diographic profile techniques, which do not require removing
insulation, may be considered as an aternative.

When corrosion in a piping system is nonuniform or the
remaining thickness is approaching the minimum required
thickness, additional thickness measuring may be required.

8L1L1L
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Radiography or ultrasonic scanning are the preferred meth-
ods in such cases. Eddy current devices akso may be used.

When ultrasonic measurements are taken above 150°F
(66°C}, instruments, couplants, and procedures should be
used that will result in accurate measurements at the higher
temperatures. Measurements should be adjusted by the ap-
propriate temperature correction factor.

Inspectors should be aware of possible sources of mea-
surement inaccuracies and make every effort to eliminate
their occurrence. As a genera rule. each of the NDE tech-
niques will have practical limits with respect to accuracy.
Factors that can contribute to reduced accuracy of ultrasonic
measurements include the following:

a Improper instrument calibration.

b. External coatings or scale.

¢. Excessive surface roughness.

d. Excessive”cocking” of the probe{onthecurved surface).
e. Subsurface materia flaws, such as laminations.

f. Temperature effects [at temperatures above 150°F
(66°C)).

g. Small flaw detector screens.

h. Thicknesses of less than % inch (3.2 millimeters) for typ
ical digital thickness gauges.

In addition, it must be kept in mind that the pattern of cor-
rosion can be nonuniform. For corrosion rate determinations
to be valid, it is important that measurements on the thinnest
point be repeated as closely as Possible to the same location.
Alternatively. the minimum reading or an average of several
readings at a test point may be considered.

When piping systems are out of service, thickness mea-
surements may be taken through openings using calipers.
Calipers are useful in determining approximate thicknesses
of castings, forgings, and valve bodies, as well as pit depth
approximationsfrom CUlLon pipe.

Pit depth measuring devices also may be used to deter-
mine the depth of localized metal loss.

3.6 Pressure Testing of Piping Systems

Pressure tests are not normally conducted as part of a rou-
tine inspection. (See 6.2.6 for pressure testing requirements
for repairs, dterations, and rerating.) Exceptions to this in-
clude requirements of the United States Coast Guard for
overwater piping and requirements of local jurisdictions, af-
terwelded alterationsor when specified by theinspector or
piping engineer. When they are conducted. pressure tests
shal be performed in accordance with the requirements of
ASME B3 1.3. Additional considerations are provided in API
RecommendedPractice 574 and APl Recommended Prac-
tice 920. Lower pressure tests, which are used only for tight-
ness of piping systems, may be conducted at pressures
designated by the owner-user.
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The test fluid should be water unless there is the possibil-
ity of damage due to freezing or other adverse effects of wa-
ter on the piping system or the process or unless the test
water will become contaminated and its disposal will present
environmental problems. In either case, another suitable
nontoxic liquid may be used. If the liquid is flammable, its
flash point shall be at least 120°F (49°C) or greater, and con-
sideration shall be given to the effect of the test environment
on the test fluid.

Piping fabricated of or having components of 300 series
stainless steel should be hydrotested with a solution made up
of potable water {see note) or steam condensate. After testing
is completed, the piping should be thoroughly drained (all
high-point vents should be open during draining), air blown,
or otherwise dried. If potable water is not available or if im-
mediate draining and drying is not possible, water having a
very low chloride level. higher pH (>10), and inhibitor addi-
tion may be considered to reduce the risk of pitting and mi-
crobiologicallyinducedcorrosion.

Note: Potablewater in ibiscontext fallows U.S. practice, with 250 parts per
millionmaximumehtoride,sanitizedwithchlor ineor ozone.

For sensitized austenitic stainless steel piping subject to
polythionic stress corrosion cracking, consideration should
be given to using an alkaline-water solution for pressure test-
ing (see NACE RPO170).

If a pressure test is to be maintained for a period of time
and the test fluid in the system is subject to thermal expan-
sion, precautions shall be taken to avoid excessive pressure.

When a pressure test is required, it shall be conducted af-
ter any heat treatment.

Before applying a hydrostatic test to piping systems, con-
sideration should be given to the supporting structure design.

A pneumatic pressure test may be used when it isimprac-
ticable to hydrostatically test due to temperature, structural,
or process limitations. However, the potential risks to per-
sonnel and property of pneumatic testing shall be considered
when carrying out such a test. As a minimum, the inspection
precautions contained in ASME B31.3 shall be gppliedin
any pneumatic testing.

During a pressure test, where the test pressure will exceed
the set pressure of the safety valve on a piping system, the
safety relief vave or valves should be removed or blanked
for the duration of the test. As an alternative. each valve disk
must be held down by a suitably designed test clamp. The
application of an additional load to the valve spring by tum-
ing the adjusting screw is not recommended. Other appurte-
nances that are incapable of withstanding the test pressure,
such as gage glasses, pressure gages, expansion joints, and
rupture disks, should be removed or blanked. Lines contain-
ing expansion joints that cannot be removed or isolated may
be tested at a reduced pressure in accordance with the prin-
ciples of ASME B3L1.3. If block valves are used to isolate a
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piping system for a pressure test, caution should be used to
not exceed the Permissible seat pressure as described in
ASME B 16.34 or applicable valve manufacturer data.

Upon completion of the pressure test, pressure relief de-
vices of the proper settings and other appurtenances removed
or made inoperable during the pressure test shal be rein-
stalled or reactivated.

3.7 Material Verification and Traceability

During repairs or altcrations of low- to high-alloy piping
systems, the inspector shall verify the installation of the cor-
rect new materials. At the discretion of the owner-user or the
inspector, this verification can be either by 100-percent check-
ing or testing in certain critical situations or by sampling a
Percentage of the materials. Testing can be accomplished by
the inspector or the examiner with the use of suitable portable
methods, such as chemical spot testing, optical spectrographic
analyzers, or X-ray fluorescent analyzers. Checking can in-
volve verifying test reports on materials, markings on piping
components and bolting, and key dimensions.

If a piping system component should fail because an in-
correct material wasinadvertently substituted for the proper
piping material, the inspector shall consider the need for fur-
ther verification of existing piping materials. The extent of
further verification will depend upon circumstances such as
the consequences of failure and the likelihood of further ma-
terial errors.

3.8

Normally, thickness measurements are not routinely taken
on valvesin piping circuits. The bndy of a valveis normally
thicker than other piping components for design reasons.
However, when valves are dismantled for servicing and re-
pair, the shop should be attentive to any unusual corrosion
patterns or thinning and. when noted, report that information
to the inspector. Bodies of valves that are exposed to steep
temperature cycling (for example, catalytic reforming unit
regeneration and steam cleaning) should be examined peri-
odically for thermal fatigue cracking.

If gate valves are known to be or are suspected of being
exposed to corrosion/erosion, thickness readings should be
taken between the seats, since thisis an area of high turbu-
lence and high stress.

Control valves or other throttling valves, particularly in
high-pressure drop-and-sturry services, can be susceptible to
localized corrosionfcrosion of the body downstream of the
orifice. If such metal loss is suspected, the valve should be
removed from the line for internal inspection. The inside of
the downstream mating flange and piping also should be in-
spected for local metal loss.

Inspection of Valves

When valve body and/or closure pressure tests are per-
formed afler servicing, they should be conducted in accor-
dance with APl Standard 598.

3.9

Inspection for piping weld quality is normally accom-
plished as a part of the requirements for new construction.
repairs, or aterations. However, welds are often inspected
for corrosion as part of a radiographic profile inspection or
as part of internal inspection. When preferential weld corro-
sion is noted, additional welds in the same circuit or system
should be examined for corrosion.

On occasion, radiographic profile examinations may re-
vea what appearsto be imperfectionsin the weld. If crack-
like imperfections are detected while the piping system isin
operation, further inspection with weld quality radiography
and/or ultrasonics may be used to assess the magnitude of
theimperfection. Additionally, an effort should be made to
determine whether the crack-like imperfections are from
original weld fabrication or may be from an environmental
cracking mechanism.

Environmental cracking shall be assessed by the piping
engineer.

If the noted imperfections are aresult of original weld fab-
rication, inspection and/or engineering analysisis required to
assess the impact of the weld quality on piping integrity. This
analysis may be one or more of the following:

Inspection of Welds In-Service

a. Inspector judgment.

b. Certified welding inspector judgment.
¢. Piping engineer judgment.

d. Engineering fitness-for-service analysis.

Issues to consider when ng the quality of existing
welds include the following:

a. Original fabrication inspection acceptance criteria.
b. Extent, magnitude, and orientation of imperfections.
c. Length of time in-service.

d. Operating versus design conditions.

e. Presence of secondary piping stresses (residual and
thermal).

f. Potentia for fatigue loads (mechanical and thermal).
8. Primary or secondary piping system.

h. Potentia for impact or transient loads.

i. Potential for environmental cracking.

j- Weld hardness.

In many cases for in-service welds, it is not appropriate to
use therandom or spot radiography acceptance criteriafor
weld quality in ASME B3 1.3. These acceptance criteria are
intended to apply to new construction on a sampling of
welds, not just the welds examined, in order to assess the
probable quality of all welds (or welders) in the system.
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Some welds may exist that will not meet these criteria but
will il perform satisfactorily in-service after being hy-
drotested. This is especially true on small branch connections
that are normally not examined during new construction.

3.10 Inspectlon of Flanged Joints

The markings on a representative sample of newly installed
fasteners and gaskets should he examined to determine
whether they meet the material specification. The markings
arc identified in the applicable ASME and ASTM standards.
Questionable fasteners should he verified or renewed.

Fasteners should extend completely through their nuts.
Any fastener failing to do so is considered acceptably en-
gaged if the lack of complete engagement is not more than
one thread.

If installed flanges are excessively bent, their markings
and thicknesses should be checked against engineering re-
quirements before taking corrective action.
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Flange and valve bonnet fasteners should be examined vi-
sually for corrosion,

Flanged and valve bonnet joints should be examined for
evidence of leakage. such as stains, deposits, or drips. Pro-
cess leaks onto flange and bonnet fasteners may result in cor-
rosion or environmental cracking. This examination should
include those flanges enclosed with flange or splash-and-
spray guards.

Flanged joints that have been clamped and pumped with
sealant should be checked for leskage at the bolts. Fasteners
subjected to such leakage may corrode or crack (caustic
cracking, for example). If repumping is contemplated, af-
fected fasteners should be renewed first.

Fasteners on instrumentation that are subject to process
pressure and/or temperature should be included in the scope
of these examinations.

See APl Recommended Practice 574 for recommended
practices when flanged joints are opened.
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SECTION 4—FREQUENCY AND EXTENT OF INSPECTION

4.1 Piping Service Classes

All process piping systems shall be categorized into dif-
ferent classes. Such a classification system allows extra in-
spection efforts to be focused on piping systems that may
have the highest potential consequences if failure or 10ss of
containment should occur.Ingeneral,thehigher classified
systems require more extensive inspection at shorter inter-
valsin order toaffirm their integrity for continued safe oper-
ation. Classifications should be based on potential safety and
environmental effects should a leak occur.

Owner-users shall maintain arecord of process piping flu-
ids handled, including their classifications. APl Recom-
mended Practice 750 and NFPA 704 provide information
that may be helpful in classifying piping systems according
to the potential hazards of the process fluids they contain.

The three classes listed below in 4.1.1 through 4.1.3 are
recommended.

4.1.1 CLASS 1

Services with the highest potentia of resulting in an im-
mediate emergency if aleak were to occur are in Class 1.
Such an emergency may be safety or environmental in na-
turc. Examples of Class1 piping include, but are not neces-
sarily limited to, those containing the following:

a. Flammable services that may auto-refrigerate and lead to
brittle fracture.

b. Pressurized services that may rapidly vaporize during re-
lease, creating vapors that may collect and form an explosive
mixture, such asC,, Cy, and Cy streams.

c¢. Hydrogen sulfide (greater than 3 percent weight) in a
gaseous stream.

d. Anhydrous hydrogen chloride.

¢. Hydrofluoric acid.

f. Piping over or adjacent to water and piping over public
throughways. (Refer to Department of Transportationand U.S.
Coast Guard regulations for inspection of underwater piping.)

412 CLASS 2

Services not included in other classesare in Class 2. This
classification includes the majority of unit process piping
and selected off-site piping. Typical examples of these ser-
vices include those containing the following:

a. On-site hydrocarbons that will dowly vaporize during
release.

b. Hydrogen, fuel gas, and natural gas.

¢. On-site strong acids and caustics.

4-1

4.1.3 CLASS 3

Services that are flammable but do not significantly va-
porize when they leak and are not located in high-activity
aress are in Class 3. Services that are potentialy harmful
to human tissue but are located in remote areas may be
included in this class. Examples of Class 3 service arc as
follows:

a, On-site hydrocarbons that will not significantly vaporize
during release.

b. Didtillate and product lines to and from storage and
loading.

c. Off-gite acids and caustics.

4.2 Inspection Intervals

Theinterval between piping inspectinns shall be cstab-
lished and maintained using the following criteria:

a Corrosion rate and remaining life calculations.

b. Piping service classification.

c. Applicable jurisdictiona rquirements.

d. Judgment of the inspector, the piping engineer, the piping
engineer supervisor. or acor r osion specialist, based on oper -
ating conditions. previous inspection history, cumnt inspec-
tian results, and conditions that may warrant supplemental
inspections covered in 3.35.

The owner-user or the inspector shall establish inspection
intervals for thickness measurements and extegnal visual in-
spections and, where applicable, for internal and supplemen-
tal inspections.

Thickness measurements should be scheduled based on
the calculation of not more than half the remaining life deter-
mined from corrosion ratesindicated in 5.1. | or at the max-
imum intervals suggested in Table 1, whichever is shorter.
Shorter intervals may be appropriate under certain circum-
stances. Prior to using Table I, corrosion rates should be cal-
culated in accordance with 5.1.3.

Table 1 contains recommended maximum inspection in-
tervals for the three categories of piping services described
in 4.1, as well as recommended intervals for injection points
and S/A interfaces.

The inspection interval must bereviewed and adjusted as
necessary after each inspection or significant change in op-
erating conditions. General corrosion, localized corrosion,
pitting, environmental cracking, and other forms of deteri-
oration must be considered when establishing the various
inspection intervals.

gLLlL



APl

RPx5?7093 ER07322900533435 0&8L N

42 API 570

Table |--Recommended Maximum Inspection

Intervals
Thickness visual
Type of Circuit Measurements External
Class | 5 Years 5 Years
Class 2 10 Years 5 Years
class3 10Years 10 Years
Injection points’ 3 Years By class
Soil-10-air interfaces® — By class

Note: Thickness measurements apply to systems for which TMLshave been
established in accordance with 3.4.

18ec 3.2.1.

bSee 3.2.4.

4.3 Extent of Externat and CUI
Inspections

External inspections should be conducted at the max-
imum intervals listed in Table 1 using the checklist in
Appendix E.

Inspection for potential corrosion under insulation (CUI)
should be conducted on all piping systems susceptible to
CUI listed in 3.2.3.1. For first time CUI inspection on
Class 1 and Class 2 systems. the examination should in-
clude at least 50 percent of all suspect areas and 50 percent
of al areas of damaged insulation. Radiographic examina
tion or insulation remova and visua inspection is nor-
mally required. Other NDE methods may be used where
applicable.

For Class 3 systems, the examination should include at
least 10 percent of all suspect areas and areas of damaged in-
sulation. When inspection of a percentage of suspect areas
has located significant CUI, additiona suspect areas should
be examined and, where warranted, up to 100 percent of the
circuit should be inspected.

Piping systemsthat are known to have a remaining life of
over 10 years or that are protected against externa corrosion
need not have insulation removed for the periodic external
inspection. However, the condition of the insulating system
or the outer jacketing, such as the cold-box shell, should be
observed periodically by operating or other personnel. If de-
terioration is noted, it should be reported to the inspector.
The following are examples of these systems:

a. Piping systems insulated effectively to preclude the en-
trance of moisture.

b. Jacketed cryogenic piping systems.

c. Piping systems installed in a cold box in which the atmo-
sphereis purged with an inert gas.

d. Piping systems in which the temperature being main-
tained issufficiently low or sufficiently high to preclude the
presence of water.
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4.4 Extent of Thickness Measurement
Inspection

Tosatisfy inspectioninterval requirements, each thickness
measurement inspection should obtain thickness readings on
arepresentalive sampling of TMLs on each circuit (see 3.4).
This representative sampling should include data for all the
various types of components and orientations (horizontal and
vertical) found in each circuit. This sampling aso must in-
clude TMLs with the earliest renewal date as of the previous
inspection. The more TMLs measured for each circuit, the
more accurately the next inspection date will be projected.
Therefore, scheduled inspection of circuits should obtain as
many measurements as necessary.

The extent of inspection for injection pointsis covered in
32.1.

4.5 Extent of Small-Bore, Auxiliary
Piping, and Threaded-Connections
Inspections

4.5.1 SMALL-BORE PIPING INSPECTION

Small-bore piping (SBP) that is primary process piping
should be inspected in accordance with all the requirements
of this document.

SBP that is secondary process piping has different min-
imum requirements depending UponN service classification.
Class 1 secondary SBP shall be inspected to the same re-
quirements as primary process piping. Inspection of Class
2 and Class 3 secondary SBP is optional. SBP deadlegs
(such as leve bridles) in Class 2 and Class 3 systems
should be inspected where corrosion has been experienced
or is anticipated.

4,52 AUXILIARY PIPING INSPECTION

Inspection of secondary. auxiliary SBP associated with in-
struments and machinery is optional. Criteriato consider in
determining whether auxiliary SBP will need some form of
inspection include the following:

a. Classfication.

b. Potential for environmental or fatigue cracking.

c. Potential for corrosion based on experience with adjacent
primary systems.

d. Potential for CUIL

4.5.3 THREADED-CONNECTIONS INSPECTION

Inspection of threaded connections will be according to
the requirements listed above for small-bore and auxiliary
piping. When selecting TMLs on threaded connections. in-
clude only those that can be radiographed during scheduled
inspections.
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Threaded connections associated with machinery and sub-
ject to fatigue damage should be periodicaly assessed and
considered for possible renewal with a thicker wall or up-
grading to welded components. The schedule for such re-
newal will depend on several issues, including the follawing:

a Classification of piping.
b. Magnitude and frequency of vibration.

® ®
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¢. Amount of unsupported weight.

d. Current piping wall thickness.

e. Whether or not the system can be maintained on-stream.
f. Corrosion rate.

g. Intermittent service.
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SECTION 5—INSPECTION DATA EVALUATION, ANALYSIS, AND RECORDING

5.1 Corrosion Rate Determination

§.1.1 REMAINING LIFE CALCULATIONS

The remaining life of the piping system shall be calculated
from the following formula:

Licwal = Haini
corrosion rate
[inches (millimeters) per year]

Remaining life (years) =

Where:

o = the actual minimum thickness. in
inches (millimeters), determined at
the time of inspection as specified
in3.5.

Lamimem = the minimum required thickness,
in inches (millimeters), for the
limiting section or zone.

The long term (L.T.) corrosion rate of piping circuits shall
be calculated from the following formula:

corrosion rate (L.T.) = Tinitat = fast
) time (years) between last

and initial inspections

The short term (ST.) corrosion rate of piping circuits Shall
be calculated from the following formula:

corrosion rate (S.T.) = bprevious = fast
time (years) between last

and previous inspections

Long-term and short-term corrosion rates should be com-
pared to see which resultsin the shortest remaining life. (See
4.2 for inspection interval determination.)

5.1.2 NEWLY INSTALLED PIPING SYSTEMS OR
CHANGES IN SERVICE

For new piping systems and piping systems for which ser-
vice conditions are being changed, one of the following
methods shall be employed to determine the probable rate of
corrosion from which the remaining wall thickness at the
time of the next inspection can be estimated:

a A corrosion rate for a piping circuit may be calculated
from data collected by the owner-user on piping systems of
similar material in comparable service.

b. If data for the same or similar service arc not available. a
corrosion rate for a piping circuit may he estimated from the
owner-user’s experience or from published data on piping
systems in comparable service.

¢. If the probable corrosion rate cannot be determined by ei-
ther method listed in Item a or Item b, the initia thickness
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measurement determinations shall be made after no more
than 3 months of service by using nondestructive thickness
measurements of the piping system. Corrosion monitoring
&vices, such as corrosion coupons or corrosion probes, may
be useful in establishing the timing of these thickness mea-
surements. Subsequent measurements shall he made after ap-
propriate intervals until the corrosion rate is established.

5.1.3 EXISTING PIPING SYSTEMS

Corrosion rates shal be calculated on either a short-term
or along-term basis. For the short-term calculation, read-
ings from the two most recent inspections shall be used.
For the long-term calculation, wall thicknesses from the
most recent and initial (or nominal) inspections shall be
used. In most cases. the higher of these two rates should be
used to estimate remaining life and to set the next inspec-
tion interval.

If calculations indicate that an inaccurate rate of corro-
sion has been assumed, the rate to be used for the next pe-
riod shall be adjusted to agree with the actua rate found.

5.2 Maximum Allowable Working
Pressure Determination

The maximum allowable working pressure (MAWP) for
the continued use of piping systems shall be established us-
ing the applicable code. Computations may be made for
known materias if al the following essential details are
known to comply with the principles of the applicable
code:

a. Upper and/or lower temperature |imits forspecific materials.
b. Qudity of materials and workmanship.

c. Inspection regquirements.

d. Reinforcement of openings.

e. Any cyclical service requirements.

For unknown materials, computations may be made as-
suming the lowest grade material and joint efficiency in the
applicable code- When the MAWP is recalculated, the wall
thickness used in these computations shall be the actual
thickness as determined by inspection (see 3.5 for definition)
minus twice the estimated corrosion loss before the date of
the next inspection (see 4.2). Allowance shall be made for
the other loadings in accordance with the applicable code.
The applicahk code allowances for pressure and temperature
variations from the MAWP are permitted provided al of the
associated code criteria are satisfied.

Table 2 contains two examples of calculations of MAWP
illustrating the use of the corrosion half-life concept.

y
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Examplel:
Desigrpressuretemperature
Pip? description
Outside diameter of pipe, &
Allowable stress
Longitudinal weld efficiency, E
Thickness determined from inspection
Obscrved corrosion rate (sce 5.1.1)
Next planned inspection .

MAWP

Conclusion:

Example2:
Nextplanned inspection

MAWP

Conclusion:

Notes:

5.3 Minimum Required Thickness
Determination

The minimum required pipe wall thickness, or retirement
thickness. shall be based on pressure, mechanical, and struc-
tural considerations using the appropriate design formulae
and code allowable stress. Consideration of both general and
localized corrosion shall be included. For services with high
potential consequences if failure were to occur, the piping
engineer should consider increasing the required minimum
thickness above the calculated minimum thickness to pro-
vide for unanticipated or unknown loadings, undiscovered
metal |0ss, or resistance to normal abuse.

5.4 Evaluation of Locally Thinned Areas

Locally thinned areas may be evaluated by the piping en-
gineer using one of the following methods:

a. In accordance with the latest edition of ASME B31G.

b. Detailed numerical stress analysis (such as finite ele-
ment analysis) of the area to determine adequacy for contin-
ued service. The results of this analysis shal be evaluated
as described in the ASME Boiler and Pressure Vessel Code,
Section V11, Division 2, Appendix 4, Article 4-1. The basic
alowable stress from the applicable code shall be used in
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Table P-Two Examples of the Calculation of Maximum Allowable Working
Pressure (MAWP) lllustrating the Use of the Corrosion Half-Life Concept

500 psig/400°F (204°C)

NPS 16, standard weight, A 106-B
16 in. (406 mm)

20,000ps|

1.0 .

032 1N. (8. €3 mm)

0.01 inJyr. (.254 mm/yr.)

3 yrs.

=§x0.01=0.08in. (1.27mm)

= 2SEvD
=2x20.000 x 10 x (0.32 ~ (2 x 0.05))/16
=550 psig

OK

7 yrs.
Estimated corrosion loss by date of nextinspection =7 x0.01 = 0.07 in. (1.78 mm)

= 2SEY/D
=2 x 20,000 x 1.0 x (0.32 = (2 x 0.07))¥16
= 450 psig

Must reduce inspection interval or determine that
normal operating pressurewill not exceed this new
MAWP during theseventh year, or renew the
piping before the seventh year.

. psig = pounds per square inch gauge; psi = poundsper square inch.
2The fermula for MAWP is from ASME B3 1.3, Equation 3b, wher e | = corroded thickness.

place of S, in Division 2. but in no case shall the allowable
stress used in this evaluation be greater than two-thirds of
the specified minimum yield strength (SMYS) a tempera-
ture. At design temperatures in the creep range of the ma-
terial, additional considerations beyond the scope of
Division 2 are necessary, such as the effects of creep-fa-
tigue interaction.

¢. An independent calculation using the appropriate weld
joint factor when a longitudina weld having a joint factor of
lessthan 1.0 is corroded as well as surfaces remote from the
weld. This calculation must be made to determine if the
thickness at the weld, or remote from the weld. governs the
allowable working pressure. For the purpose of this calcula-
tion, the surface at a weld includes | inch (2.5 centimeters)
of parent metal on either side of the weld or twice the mini-
mum mesasured thickness on either side of the weld,
whichever is greater. Alternatively, the weld joint factor may
be increased by radiographic examination in accordance
with the principles of ASME B3L1.3.

d. Corroded areas of pipe caps may be evaluated in accor-
dance with Paragraph 3.7, Item h, of API 5 10.

5.5 Piping Stress Analysis

Piping must be supported and guided so that (a) its weight
is carried safely, (b) it has sufficient flexibility for thermal

8LLI
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expansion or contraction, and (c) it does not vibrate exces-
sively. Piping flexibility is of increasing concern the larger
the diameter of the piping and the greater the difference be-
tween ambient and operating temperature conditions.

Piping stress analysis to assess system flexibility and sup
port adequacy is not normally performed as part of a piping
inspection. However. many existing piping systems were an-
alyzed as part of their original &sign or as part of arerating
or modification, and the results of these analyses can be use-
ful in developing inspection plans. When unexpected move-
ment of a piping system is observed, such as during an
external visual inspection (see 3.3.3). the inspector should
discuss these observations with the piping engineer and eval-
uate the need for conducting a piping stress analysis.

Piping stress analysis can identify the most highly stressed
components in a piping system and predict the thermal
movement Of the System when it is placed in operation. This
information can be used to concentrate inspection efforts at
the locations most prone to fatigue damage from thermal ex-
pansion (heat-up and cool-down) cycles and/or creep dam-
age in high-temperature piping. Comparing predicted
thermal movements with observed movements can help
identify the occurrence of unexpected operating conditions
and deterioration of guides and supports. Consultation with
the piping engineer may be necessary to explain observed
deviations from the analysis predictions, particularly for
complicated systems involving multiple supports and guides
between end points.

Piping stress analysis also can be employed to help solve
observed piping vibration problems. The natura frequencies
in which a piping system will vibratc can bc predicted by
analysis. The effects of additional guiding can be evaluated
to assess ts ahility to control vibration by increasing the sys-
tem’'s natural frequencies beyond the frequency of exciting
forces, such as machine rotational speed. It isimportant to
determine that guides added to control vibration do not ad-
versely restrict thermal expansion.
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5.6 Reporting and Records for Piping
SystemInspection

Any significant increase in corrosion rates shdl be re-
ported to the owner-user for appropriate action.

The owner-user shall maintain appropriate permanent and
progressive records of each piping system covered by API
570. These records shall contain pertinent data such as pip-
ing system service: classification; identification numbers: in-
spection intervals, and documents necessary to record the
name of the individua performing the testing. the date. the
types of resting. the results of thickness measurements and
other tcstx, iNSpections, repairs (temporary and permancnt),
alterations, or reratings. Design information and piping
drawings may be included. I nformation on maintenance ac-
tivities and events affecting piping system integrity also
should beincluded. The date and results of required external
inspections shall be recorded. (See APl Recommended Prac-
tice 574 for guidance on piping inspection records.)

The use of a computer-based System for storing, calculat-
ing, and analyzing data should be considered in view of the
volume of datathat will be generated as part of a piping test-
point program. Computer programs are particularly useful
for the following:

a Storing the actual thickness readings.

b. Calculating short- and long-term corrosion rates, retire-
ment dates, MAWP, and reinspection intervals on atest-point
by test-point basis.

c. Highlighting areas of high corrosion rates, circuits over-
due for inspection, circuits close to retirement thickness, and
other information.

Algorithms for the analysis of data from entire circuits
also may beincluded in the program. Care should be taken to
ensure that the statistical treatment of circuit data resultsin
predictions that accurately reflect the actual condition of the
piping circuit.

T DI G N O N N G PN BN U S 0 NG R BaY PO O BBE



lopyrlgHt By AR AN T oL INSTITUTE(API)
e Apr 29 15:10:19 1997

APl RPx570 93 W 0732290 05L3440 443 W

SECTION 6--REPAIRS, ALTERATIONS, AND RERATING OF PIPING SYSTEMS

6.1 Repairs and Alterations

The principles of ASME B31.3 or the code to which the
piping system was built shall be followed.

6.1 .1 AUTHORIZATION

All repair and alteration work must be done by a repair or-
ganization as defined in Appendix A and must be authorized
by the inspector prior to its commencement. Authorization
for alteration work to a piping system may not be given
without prior consultation with, and approva by, the piping
engineer. The inspector will designate any inspection hold
points required during the repair or alteration sequence. The
inspector may give prior general authorization for limited or
routine repairs and procedures, provided the inspector is sat-
isfied with the competency of the repair organization.

6.1.2 APPROVAL

All proposed methods of design, execution, materials,
welding procedures, examination, and testing must be ap-
proved by the inspector or by the piping engineer, as appro-
priate. Owner-user approval of on-stream welding is required.

Welding repairs of cracks that occurred in-service should
not be attempted without prior consultation with the piping
engineer in order to identify and correct the cause of the
cracking. Examples are cracks suspected of being caused by
vibration. thermal cycling, thermal expansion problems. and
environmental cracking.

The inspector shall approve al repair and ateration work
at designated hold points and after the repairs and alterations
have been satisfactorily completed in accordance with the re-
quirements of APl 570.

6.1.3 WELDING REPAIRS {INCLUDING
ON-STREAM)

6.1.3.1 Temporary Repairs

For temporary repairs, including on-stream, a full encir-
clement welded split sleeve or box-type enclosure designed
by the piping engineer may be applied over the damaged or
corroded area L ongitudinal cracks shall not be repaired in
this manner unless the piping engineer has determined that
cracks would not be expected to propagate from under the
sleeve. In some cases. the piping engineer will need to con-
sult with a fracture anatyst.

If the repair areais localized (for example, pitting or pin-
holes) and the specified minimum yield strength (SMY'S) of
the pipe is not more than 40,000 pounds per square inch
(275,800 kilopascals), a temporary repair may be made by
fillet welding a properly designed split coupling or plate

6-1

patch over the pitied area. (See 62.3 for design considera-
tions and Appendix D for an example.) The material for the
repair shall match the base metal unless approved by the pip-
ing engineer.

For minor leaks, properly designed enclosures may be
welded over the leak while the piping system is in-service,
provided the inspector is satisfied that adequate thickness re-
mains in the vicinity of the weld and the piping component
can withstand welding without the likelihood of further ma-
teriad damage. such as fmm caustic service.

Temporary repairs should be removed and replaced with a
suitable permanent repair at the next available maintenance
opportunity. Temporary repairs may remain in place for a
longer period of rime only if approved and documented by
the piping engineer.

6.1.3.2 Permanent Repairs

Repairs to defects found in piping components may be
made by preparing a welding groove that completely re-
moves the defect and then filling the groove with weld metal
deposited in accordance with 6.2.

Corroded areas may be restored with weld metal de-
posited in accordance with 6.2. Surface irregularities and
contamination shall be removed before welding. Appropriate
NDE methods shall be applied after completion of the weld.

If it is feasible to take the piping system out of service, the
defective area may be removed by cutting out acylindrical
section and replacing it with a piping component that meets
the applicable code.

Insert patches (flush patches) may be used to repair dam-
aged Or corroded arcas if the followingrequirements arc met;

a. Full-penetration groove welds are provided.

b. For Class 1 and Class 2 piping systems, the Welds shall be
100 percent radiographed or ultrasonicallytested usingNDE
procedures that are approved by the inspector.

¢. Patches may be any shape but shall have rounded comers
[1inch (25 centimeters) minimum radius].

6.1.4 NONWELDING REPAIRS (ON-STREAM)

Temporary repairs of locally thinned sections or circum-
ferential linear defects may be made on-stream by installing
a properly designed and fabricated bolted leak clamp. The
design shal include control of axial thrust loads if the piping
cornponent being clampced is (or may become) insufficient to
control pressure thrust. The effect of clamping (crushing)
forces on the component aso shall be considered.

During turnarounds or other appropriate opportunities,
temporary leak sealing and leak dissipating devices, includ-
ing valves, shal be removed and appropriate actions taken to
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restore the origina integrity of the piping system. Thein-
spector and/or piping engineer shall he involved in determin-
ing repair methods and procedures.

Procedures that include leak sealing fluids (“pumping”)
for process piping should be reviewed for acceptance by the
inspector or piping engineer. The review should take into
consideration the compatibility of the sealant with the leak-
ing material; the pumping pressure on the clamp (especialy
when repumping); the risk of sealant affecting downstream
flow meters, relief valves, or machinery; the risk of subse-
quent leakage at bolt threads causing corrosion or stress cor-
rosion cracking of bolts; and the number of times the seal

area is repumped.

6.2 Welding and Hot Tapping

All repair and alteration welding shall he done in accor-
dance with the principles of ASME B3 1.3 or the code to
which the piping system was built.

Any welding conducted on piping components in opera
tion must be done in accordance with API Publication 2201.
The inspector shall use as a minimum the “Suggested Hot
Tap Checklist” contained in APl Publication 2201 for hot
tapping performed on piping components.

6.2.1 PROCEDURES, QUALIFICATIONS, AND
RECORDS

The repair organization shall use welders and welding
procedures qualified in accordance with ASME B3 1.3 or the
code to which the piping was built.

The repair organization shall maintain records of welding
procedures and welder performance qualifications. These
records shall be available to the inspector prior to the start of
welding.

6.2.2 PREHEATING AND POSTWELD HEAT
TREATMENT

6.2.2.1 Preheating

Preheat temperature used in making welding repairs shall
be in accordance with the applicable code and qualified
welding procedure. Exceptions for temporary repairs must
be approved by the piping engineer.

Preheating to not less than 300°F ( 150°C) may he consid-
ered as an alternative to postweld heat treatment (PWHT) for
alterations or repairs of piping systemsinitially postweld heat
treated as a code requirement (See note). Thisappliesto piping
constructed of the P-| steelslisted in ASME B31.3, P-3 steels,
with the exception of Mn-Mo steels, dso may receive the
300°F (150°C) minimum preheat aternative when the piping
system operating temperature is high enough to provide rea-
sonable toughness and when thereis no identifiable hazard as-
sociated with pressure testing, shutdown, and startup. The
inspector should determine that the minimum preheat temper-
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ature is measured and maintained. After welding, the joint
should immediately be covered with insulation to slow the
cooling rate.

Note: Preheating may not be considered as an alternative to environmental
cracking prevention.

Piping systems constructed of other stedls initialy requir-
ing PWHT normally are postweld heat treated if alterations
or repairs involving pressure retaining welding are per-
formed. The use of the preheat alternative requires consulta-
tion with the piping engineer who should consider the
potential for environmental cracking and whether the weld-
ing procedure will provide adequate toughness. Examples of
Situations where this alternative could be considered include
seal welds, weld metal buildup of thin areas, and welding
support clips.

6.2.2.2 Postweld Heat Treatment

PWHT of piping system repairs or aterations should be
made using the applicable requirements of ASME B3 |.3or
the code to which the piping was built. See 6.2.2.1 for an a-
ternative preheat procedure for some PWHT requirements.
Exceptions for temporary repairs must be approved by the
piping engineer.

Local PWHT may be substituted for 360-degree banding
on local repairs on all materials, provided the following pre-
cautions and requirements are applied:

a. The application is reviewed, and a procedure is developed
by the piping engineer-

b. In evauating the suitability of a procedure, consideration
shall be given to applicable factors, such as base metal thick-
ness, thermal gradients, material properties, changes result-
ing from PWHT, the need for full-penetration welds, and
surface and volumetric examinations after PWHT. Addition-
ally, the overal and local strains and distortions resulting
from the heating of alocal restrained area of the piping wall
shall be considered in developing and evaluating PWHT
procedures.

c. A preheat of 300°F (150°C), or higher as specified by
specific welding procedures, is maintained while welding.
d. The required PWHT temperature shall be maintained for
a distance of not less than two times the base metal thickness
measured from the weld. The PWHT temperature shall be
monitored by a suitable number of thermocouples (a mini-
mum of two) based on the size and shape of the area being
heat treated.

e. Controlled heat aso shal be applied to any branch con-
nection or other attachment within the PWHT arca.

f. The PWHT is performed for code compliance and not for
environmental cracking resistance.

6.2.3 DESIGN
Butt joints shall be full-penetration groove welds.
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Piping components shall be replaced when repair is likely
to be inadequate. New connections and replacements shall
be designed and fabricated according to the principles of the
applicable code. The design of temporary enclosures and re-
pairs shall be approved by the piping engineer.

New connections may be installed on piping systems pro-
vided the design, location, and method of attachment con-
form to the principles of the applicable code.

Fillet welded patches require special design considera-
tions, especially relating to weld-joint efficiency and crevice
corrosion. Fillet welded patches shall be designed by the pip-
ing engineer. A patch may be applied to the external surfaces
of piping, provided it is in accordance with 6.1.3 and meets
either of the following requirements:

a. The proposed patch provides design strength equivaent
to areinforced opening designed according to the applicable
code.
b. The proposed patch is designed to absorb the membrane
strain of the part in amanner that isin accordance with the
principles of the applicable code, if the following criteria
aremet:
1. The allowable membrane stressis not exceeded in the
piping part or the patch.
2. The strain in the patch does not result in fillet weld
stresses exceeding allowable stresses for such welds.
3. An overlay patch shall have rounded corners (see Ap-
pendix D).

6.2.4 MATERIALS

The materials used in making repairs or aterations shall
be of known weldable quality, shall conform to the applica-
ble code, and shall be compatible with the original material.
For material verification requirements. see 3.7.

6.2.5 NONDESTRUCTIVE EXAMINATION

Acceptance of awelded repair or alteration shall include
NDE in accordance with the applicable code and the owner-
user's specification, unless otherwise specified in API 570.

6.2.6 PRESSURE TESTING

After welding is completed, a pressure test in accordance
with 3.6 shall be performed if practical and deemed neces-
sary by the inspector. Pressure tests are normally required af-
ter alterations and major repairs. When a pressure test is not
necessary or practical, NDE shal be utilized in lieu of a
pressure test. Substituting specia procedures for a pressure
test after an alteration or repair may be done only after con-
sultation with the inspector and the piping engineer.

When it is not practical to perform apressuretest of afi-
nal closure weld that joins a new or replacement section of

piping to an existing system, dl of the following require-
ments shall be satisfied:

a. The new or replacement piping is pressure tested.

b. The closure weld is a full-penetration butt weld between
a weld neck flange and standard piping component or
straight sections of pipe of equal diameter and thickness, ax-
iadly aigned (not miter cut), and of equivalent materials. For
design cases up to Class 150 and 500°F (260°C), dip-on
flanges are acceptable aternatives.

c. Any final closure butt weld shall be of 100-percent radio-
graphic quality; or angle-beam ultrasonics flaw detection
may be used, provided the appropriate acceptance criteria
have been established.

d. MT or PT shall be performed on the root pass and the
completed weld. Fillet welds must have PT.

6.3 Rerating

Rerating piping systems by changing the temperature rat-
ing or the MAWP may be done only after all of the following
requirements have been met:

a. Caculations are performed by the piping engineer or the
inspector.

b. All reratings shall be established in accordance with the
requirements of the code to which the piping system was
built or by computation using the appropriate methods in the
latest edition of the applicable code.

¢. Current inspection records verify that the piping system is
satisfactory for the proposed service conditions and that the
appropriate corrosion alowance is provided.

d. Rerated piping systems shall be leak tested in accordance
with the code to which the piping system was built or the lat-
est edition of the applicable code for the new service condi-
tions, unless documented records indicate a previous leak
test was performed at greater than or equal to the test pres-
sure for the new condition. An increase in the rating temper-
ature that does not affect alowable tensile stress does not
require aleak test.

e. The piping system is checked to affirm that the required
pressurerelieving devices are present, are set at the appropri-
ate pressure, and have the appropriate capacity at set pres-
sure.

f. The piping system rerating is acceptable to the inspector
or piping engineer.

g. All piping components in the system (such as valves,
flanges, bolts, gaskets, packing, and expansion joints) are ad-
equate for the new combination of pressure and temperature.
h. Piping flexibility is adequate for design temperature
changes.

i. Appropriate engineering records are updated.

j- A decrease in minimum operating temperature is justified
by impact test results, if required by the gpplicable code.

SLLL
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. SECTION 7-INSPECTION OF BURIED PIPING

Inspection of buried process piping (not regulated by the
Department of Transportation) is different from other pro-
cess piping inspection because significant externa deteriora
tion can be caused by corrosive soil conditions. Since the
inspection is hindered by the inaccessibility of the affected
areas of the piping, the inspection of buried piping is treated
in a separate section of APl 570. important, nonmandatory
references for underground piping inspection are the follow-
ing NACE documents: RP0169, RP0274, and RPO275; and

Section 9 of APl Recommended Practice 65 1.

7.1 Typesand Methods of Inspection
7.1.1 ABOVE-GRADE VISUAL SURVEILLANCE

Indications of leaks in buried piping may include a change
in the surface contour of the ground, discoloration of the soil,
softening of paving asphalt, pool formation, bubbling water
puddles, or noticeable odor. Surveying the route of buried
piping is one method of identifying problem areas.

7.1.2 CLOSE-INTERVAL POTENTIAL SURVEY

The close-interval potential survey performed at ground
. level over the buried pipe can be used to locate active corro-

sion points on the pipe's surface.

Corrosion cells can form on both bare and coated pipe
where the bare steel contacts the soil. Since the potential at
the area of corrosion will be measurably different from an
adjacent area on the pipe, the location of the corrosion activ-
ity can be determined by this survey technique.

7.1.3 PIPECOATING HOLIDAY SURVEY

The pipe coating holiday survey can be used to locate
coating defects on buried coated pipes. and it can be used on
newly constructed pipe systems to ensure that the coating is
intact and holiday-free. More often it is used to evauate
coating serviceability for buried piping that has been in-ser-

vice for an extended period of time.

From survey data, the coating effectiveness and rate of coat-
ing deterioration can be determined. This information is used
both for predicting corrosion activity in aspecific areaand for
forecadting replacement of the coating for corrosion control.

7.1.4 SOIL RESISTIVITY

Corrosion of bare or Poorly coated piping is often caused

by amixture of different soilsin contact with the pipe sur-

face. The corrosiveness of the sails can be determined by a
measurement of the soil resistivity, Lower levels of resistiv-

. ity are relatively more corrosive than higher levels, espe-
cidly in areas where the pipe is exposed to significant

changes in soil resistivity.
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Measurements of soil resistivity should be performed us-
ing the Wenner Four-Pin Method in accordance with AST™
G57. In cases of parallel pipes or in areas of intersecting
pipelines, it may be necessary to use the Single-Pin Method
to accurately measure the soil resistivity. For measuring re-
sistivity of soil samples from auger holes or excavations, a
soil box serves as a convenient means for obtaining accu-
rate results.

The depth of the piping shall be considered in selecting
the method to be used and the location of samples. The test-
ing and evaluation of results should be performed by person-
nel trained and experienced in soil resistivity testing.

7.1.5 CATHODIC PROTECTION MONITORING

Cathodically protected buried piping should be monitored
regularly to assure adequate tevels of protcction. Monitor-
ing should include periodic measurement and analysis of
pipe-to-soil Potentials by personnel trained and experienced
in cathodic protection system operation. More frequent
monitoring of critical cathodic protection components, such
asimpressed current rectifiers, isrequired to ensure reliable
system operation.

Refer to NACE RPO169 and Section 9 of APl Recom-
mended Practice 651 for guidance applicable to inspecting
and maintaining cathodic protection systems for buried

piping.
7.1.8 INSPECTION METHODS

Several inspection methods are available. Some methods
can indicate the external or wall condition of the piping,
whereas other methods indicate only the internal condition.
Examples are as follows:

a Intelligent pigging. This method involves the movement
of adevice (pig) through the piping either while it is in-ser-
vice or after it has been removed from service. Several types
of devices are available employing different methods of in-
spection. The tine to be evaluated must be free from restric-
tions that would cause the device to stick within the line.
Five diameter bends arc usually required since standard 90
degree pipe ells may not Pass a pig. The line must also have
facilities for launching and recovering the pigs.

b. Video cameras. Television cameras are available that
can be inserted into the piping. These cameras may provide
visual inspection information on the internal condition of
the line.

¢. Excavation. In many cases, the only available inspection
method that can be performed is unearthing the piping in or-
der to visually inspect the external condition of the piping
and to evaluate its thickness and internal condition using the
methods discussed in 3.3.2. Care should be exercised in re-
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moving soil from above and around the piping to prevent
damaging the line or line coating. The last few inches of soil
should be removed manually to avoid this possibility. If the
excavation is sufficiently deep, the sides of the trench should
be properly shored to prevent their collapse, in accordance
with OSHA regulations, where applicable. If the coating or
wrapping is deteriorated or damaged, it should be removed
in that area to inspect the condition of the underlying metal.

7.2 Frequency and Extent of Inspection
7.21 ABOVE-GRADE VISUAL SURVEILLANCE

The owner-user should. at approximately 6-month inter-
vals survey the surface conditions on and adjacent to each
pipeline path (see 7.1.1).

7.2.2 PIPE-TO-SOIL POTENTIAL SURVEY

A close-interval potentia survey on a cathodically pro-
tected line may be used to verify that the buried piping has a
protective potential throughout its length. For poorly coated
pipes where cathodic protection potentials are inconsistent,
the survey may be conducted at S-year intervals for verifica-
tion of continuous corrosion control.

For piping with no cathodic protection or in areas where
leaks have occurred due to external corrosion, a pipe-to-soil
potential survey may be conducted along the pipe route. The
pipe should be excavated at sites where active corrosion cells
have been located to determine the extent of corrosion dam-
age. A continuous potential profile or a close-interval survey
may be required to locate active corrosion cells.

7.2.3 PIPE COATING HOLIDAY SURVEY

The frequency of pipe coating holiday surveysis usually
based on indications that other forms of corrosion control are
ineffective. For example, on a coated pipe where there is
gradual loss of cathodic protection potentials or an external
corrosion leak occurs at a coating defect, a pipe coating hol-
iday survey may be used to evaluate the coating.

7.2.4 SOIL CORROSIVITY

For piping buried in lengths greater than 100 feet (30 me-
ters) and not cathodically protected, evaluations of soil cor-
rosivity should be performed a 5-year intervals. Sail
resistivity measurements may be used for relative classifica-
tion of the soil corrosivity (see 7.1.4). Additional factors that
may warrant consideration are changes in soil chemistry and
analyses of the polarization resistance of the soil and piping
interface.

7.2.5 CATHODIC PROTECTION

If the piping is cathodically protected, the system should
be monitored at intervals in accordance with Section 10 of

NACE RP0169 or Section 9 of APl Recommended Prac-
tice 65 1.

7.2.6 EXTERNAL AND INTERNAL INSPECTION
INTERVALS

If internal corrosion of buried piping is expected asare-
sult of inspection on the above-grade portion of the ling, in-
spection intervals and methods for the buried portion should
be adjusted accordingly. The inspector should be aware of
and consider the possibility of accelerated internal corrosion
in deadlegs.

The external condition of buried piping that is not cathod-
ically protected should be determined by either pigging,
which can measure wall thickness, or by excavating accord-
ing to the frequency given in Table 3. Significant external
corrosion detected by pigging er by ether means may require
excavation and evaluation even if the piping is cathodicaly
protected.

Piping inspected periodically by excavation shal be in-
spected inlengths of 6 feet to 8 feet (1.8 metersto 2.4 meters)
at one or more locations judged to be most susceptible to cor-
rosion. Excavated piping should be inspected full circumfer-
ence for the type and extent of corrosion (pitting or general)
and the condition of the coating.

If inspection reveals damaged coating or corroded piping,
additional piping shall be excavated until the extent of the
condition is identified. If the average wall thickness is at or
below retirement thickness, it shall be repaired or replaced

If the piping is contained inside a casing pipe, the condi-
tion of the casing should be inspected to determine if water
and/or soil has entered the casing. The inspector should ver-
ify the following: (a) both ends of the casing extend beyond
the ground line; (b) the ends of the casing arc scaled if the
casing is not self-draining; and, () the pressure carrying pipe
is properly coated and wrapped.

7.27 LEAK TESTING INTERVALS

An alternative or supplement to inspection is lesk testing
with liquid at a pressure at least 10 percent greater than max-
imum operating pressure at intervals one-half the length of
those shown in Table 3 for piping not cathodically protected
and at the same intervals as shown in Table 3 for cathodi-
cally protected piping. The leak test should be maintained

Table 3—Frequency of Inspection for Buried Piping
Without Effective Cathodic Protection

Soil Resistivity(ohm-cm) Inspection | nterval (years)

<2,000 b
2,000 |0 10,000 10
>10,000 15

s8LLl
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for aperiod of 12 hours. Six hours after theinitial pressuriza-
tion of the piping system, the pressure should be noted and.
if necessary. theline repressurized to original test pressure
and isolated from the pressure source. If, during the remain-
der of the test period, the pressure decreases more than 5 per-
cent. the piping should be visually inspected externally
and/or inspected internally to find the leak and assess the ex-
tent of corrosion. Sonic measurements may be helpful in lo-
cating leaks during lesk testing.

Buried piping also may be surveyed for integrity by re-
moving the line from service and performing aleak test. This
inspection method typically involves pressurizing the line
with atracer gas (such as helium or sulfur hexafluoride), al-
lowing time for the tracer gas to diffuse to the surface, and
survcying the buried line with a gas-specific detector to de-
tect the tracer gas.

7.3 Repairs to Buried Piping Systems
7.3.1 REPAIRSTOCOATINGS

Any coating removed for inspection shall be renewed and
inspected appropriately.

For coating repairs. the inspector should be assured that
the coaling meets the following criteria:

a. It has sufficient adhesion to the pipe to prevent underfilm
migration of moisture.

Copyright by the AMERICAN PETROLEUM INSTITUTE(API)
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b. It is sufficiently ductile to resist cracking.

c. It is free of voids and gaps in the coating (holidays),

d. It has sufficient strength to resist damage due to handling
and soil stress.

e. It can support any supplemental cathodic protection.

In addition, coating repairs may be tested using a high-
voltage holiday detector. The detector voltage shall be ad-
justed to the appropriate value for the coating materia and
thickness. Any holidays found shall be repaired and retested.

7.3.2 CLAMP REPAIRS

If piping leaks are clamped and reburied, the location of
the clamp shall be logged in the inspection record and may
be surface marked. Both the marker and the record shall note
the date of ingtallation and the location of the clamp. All
clamps shall be considered temporary. The piping should be
permanently repaired at the first opportunity.

7.3.3 WELDED REPAIRS
Welded repairs shall be made in accordancein 6.2.

7.4 Records

Record systems for buried piping should be maintained in
accordance with 5.6. In addition, a record of the location and
date of installation of temporary clamps shall be maintained.

-
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APPENDIX A-GLOSSARY

This glossary definestermsand acronyms for the purposes
of this publication.

L. An alteration is aphysical change in any component that
has design implications affecting the pressure containing ca-
pability or flexibility of a piping system beyond the scope of
its design. The following are not considered alterations:
comparable or duplicate replacement, the addition of any re-
inforced branch connection equal to or Iess than the size of
existing reinforced branch connections, and the addition of
branch connections not requiring reinforcement.

2. The applicable code is the code, code section. or other
recognized and generally accepted engineering standard or
practice to which the piping system was built or which is
deemed by the owner or user or the piping engineer to be
most appropriate for the situation, including but not limited
to the latest edition of ASME B31.3.

3. ASME 631.3 isashortened form of ASME B31.3, Chem-

ical Plant and Petroleum Refinery Piping, published by the
American Society of Mechanical Engineers. ASME B3 1.3is
written for design and construction of piping systems. How-
ever, most of thetechnical requirements on &sign, welding,

examination, and materials also can be applied in the inspec-
tion. rerating, repair, and ateration of operating piping sys-
tems. When ASME B31.3 cannot be followed because of its
new construction coverage (such as revised or new material

specifications, inspection requirements, certain beat treat-

ments, and pressure tests), the piping engineer or inspector
shall be guided by API 570 in lieu of strict conformity to
ASME B3 1.3. As an example of intent, the phrase “princi-

ples of ASME B31.3” has been employed in API 570. rather

than “in accordance with ASME B3 1.3

4. An authorized inspection agency is defined as any of the
following:

a The inspection organization of the jurisdiction in which
the piping system is used.

b. The inspection organization of an insurance company that
islicensed or registered to write insurance for piping systems.
¢. An owner or user of piping systems who maintains an in-
spection organization for activities relating only to his equip-
ment and not for piping systems intended for sale or resale.
d. An independent inspection organization employed by or
under contract to the owner or user of piping systems that are
used only by the owner or user and not for sale or resae.

e. An independent inspection organization licensed or recog-
nized by the jurisdiction in which the piping system is used
and employed by or under contract to the owner or user.

5. An authorized piping inspector is an employee of an au-
thorized inspection agency who is qualified to perform the

Al

functions specified in API 570. A nondestructive examina-
tion (NDE) examiner is not required to be an authorized pip
ing inspector . whenever theterm inspector is used in API
570. it refers to an authorized piping inspector.

6. Auxiliarypiping is instrument and machinery piping, typ
ically small-bore secondary process piping that can beiso-
lated from primary piping systems. Examples include flush
lines, seal ail lines, analyzer lines, balance lines, buffer gas
lines. drains. and vents.

7. CUI stands for corrosion under insulation, including
stress corrosion cracking under insulation.

8. Deadlegs are cOmponents of a piping system that nor-
mally have no significant flow. Examples include the follow-
ing: blanked branches, lines with normally closed block
valves, lines with one end blanked, pressurized dummy sup
port legs, staghant control valve bypass piping, spare pump
piping. level bridles, relief valve inlet and outlet header pip-
ing, pump trim bypass lines, high-point vents, sample points,
drains, bleeders. and instrument connections.

9. A defecr is an imperfection of atype or magnitude ex-
ceeding the acceptable criteria.

10. The design temperature Of a piping System component is
the temperature at which, under the coincident pressure, the
greatest thickness or highest component rating is required. It
is the same as the design temperature defined in ASME
831.3 and other code sections and is subject to the same
rules relating to allowances for variations of pressure or tem-
perature or both. Different componentsin thesgme piping
system or circuit may have different design temperatures. [n
establishing the design temperature, consideration shall be
given to process fluid temperatures, ambient temperatures,
heating and cooling media temperatures, and insulation.

11. An examiner is a per son who assists the inspector by
performing specific nondestructive examination (NDE) on
piping system components but does not evaluate the re-
sults of those examinations in accordance with APl 570,
unless specifically trained and authorized to do so by the
owner or user. The examiner need not be qualified in ac-
cordance with API 570 or be an employee of the owncr or
user but shall be trained and qudlified in the applicable
procedures in which the examiner is involved. In some
cases, the examiner may be required to hold other certifi-
cations as necessary to salisfy owner or user requirements.
Examples of other certification that may be required are
American Society for Non-Destructive Testing SNT-TC-
1 A or CP 189 or American Welding Society Welding In-
spector certification. The examiner’s employer shall
maintain certification records of the examiners employed,
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including dates and results of personnel qualifications,
and shall make them available to the inspector.

12. Hold point is apoint in the repair or ateration process
beyond which work may not proceed until the required in-
spection has been performed and documented.

13. Imperfections are flaws or other discontinuities noted
during inspection that may be subject to acceptance criteria
during an engineering and inspection analysis.

14. An indication is a response or evidence resulting from
the application of a nondestructive evaluation technique.

15. Injection points art locations where relatively small
quantities of materias are injected into process streams to
control chemistry or other process variables. Injection points
do not include locations where two process streams join
(mixing tees). Examples of injection peints include chlorine
in reformers. water injection in overhead systems, polysul-
tide injection in catalytic cracking wet gas, antifoam injec-
tions, inhibitors, and neutralizers.

16. In-service refers to piping systems that have been placed
in operation. as opposed to new construction prior to being
placed in service.

17. The term inspector refers to an authorized piping
inspector.

18. A jurisdiction is a legaly constituted government ad-
ministration that may adopt rules relating to piping systems.

19. A leve bridleis alevel gauge glass piping assembly at-
tached to avessdl.

20. The maximum allowable working pressure (MAWP) is
the maximum internal pressure permitted in the piping sys-
tem for continued operation at the most severe condition of
coincident internal or external pressure. and temperature (min-
imum or maximum) expected during service. It isthe same as
the design pressure, as defined in ASME B3 1.3 and other
code sections, and is subject to the same rules relating to al-
lowances for variations of pressure or temperature or both.

2 1. A mixing tee is a piping component that combines two
process streams of differing composition and/or temperature.

22. MT stands for magnetic-particle testing.
23. NDE is nondestructive examination.

24. NPS means nominal pipe size (followed, when appro-
priate, by the specific size designation number without an
inch symbal).

25. On-stream refers to piping containing any amount of
process fluid.

26. An owner-user is an owner or user of piping systems
who exercises control over the operation, engineering, in-
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spection, repair, ateration, testing, and rerating of those pip-
ing systems.

27. An owner-user inspector is an authorized inspector em-
ployed by an owner or user.

28. PT is short for liquid-penetrant testing.

29. Pipe refersto a pressure-tight cylinder used to convey a
fluid or to transmit a fluid pressure and is ordinarily desig-
nated “pipe” in applicable material specifications. (Materias
designated “tube’ or “tubing” in the specifications are
treated as pipe when intended for pressure service.)

30. A piping eircuit is a section of piping that has all pints

exposed to an environment of similar corrosivity and that is
of similar design conditions and construction material. Com-

plex process units or piping systems are divided into piping

Circuits to manage the necessary inspections, calculations,

and record keeping. When establishing the boundary of a
particular piping circuit, the inspector may aso sizeit to pro-

vide a practical package for record keeping and performing
field inspection.

3. The piping engineer shall be one of more persons or orga-
nizations acceptable to the owner or user who arc knowledge-
able and experienced in the engineering disciplines associated
with eval uating mechanical and material characteristicsaffect-
ing the integrity and reliability of piping components and sys-
tems. The piping engineer, by consulting with appropriate
specialists, should be regarded as a composite of all entities
necessary to properly address a technical requirement.

32. Piping system refers to an assembly of interconnected
piping that is subject to the same set or sets of &sign condi-
tions and is used to convey, distribute, mix, separate, dis-
charge, meter, control, or snub fluid Rows. Piping system also
includes pipe-supporting elements but does not include sup
pm structures, such as structural frames and foundations.

33. Primary process piping is process piping in normal, ac-
tive service that cannot be valved off or, if it were valved
off, would significantly affect unit operability. primary pro-
cess piping normally includes al process piping greater than
NPS 2.

34. PWHT stands for postweld heat treatment.

35. Renewd is activity that discards an existing component
and replaces it with new or existing spare materials of the
same or better qualities as the original component.

36. A repair isthe work necessary to restore a piping system
to a condition suitable for safe operation at the design condi-
tions. If any of the restorative changes result in a change of
design temperature or pressure, therequirements for rerating
also shall be satisfied. Any welding, cutting. or grinding op-
eration on a pressure-containing piping component not
specifically considered an dteration is considered a repair.
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37. Arepair organization refersto any of the following:

a An owner or user of piping systems who repairs or alters
his or her own equipment in accordance with API 570.

b. A contractor whose qualifications are acceptable to the
owner or user of piping systems and who makes repairs or
aterations in accordance with API 570.

¢. One who is authorized by. acceptable to, or otherwise not
prohibited by the jurisdiction and who makes repairs in ac-
cordance with APl 570.

38. Rerating isachangein either or both the design temper-
ature or the maximum allowable working pressure of a pip
ing system. A reradng may consist of an increase, a
decrease, or a combination of both. Derating below original
design conditions is a means to provide increased corrosion
alowance.

39. Secondury process piping is small-bore (less than or
equal to NPS 2) process piping downstream of normally
closed block valves.

40. Small-bore piping (SBP) is piping that is less than or
equal to NPS 2.

41. Soil-to-air (§/A} interface isan areain which external
corrosion may occur on partially buried pipe. The zone of
the corrosion will vary depending on factors such as mois-
ture, oxygen content of the soil, and operating temperature.
The zone generaly is considered to be from 12 inches

(305 millimeters) below to 6 inches (152 millimeters) above
the soil surface. Pipe running Parallel with the soil surface
that contacts the soil is included.

42. Spool refers to a section of piping encompassed by
flanges or other connecting fittings such as unions.

43. Temper embrittlement is defined as aloss of ductility
and notch toughness in susceptible low-aloy steels, such as
1% Cr and 2% Cr. due to prolonged exposure to high-temper-
ature service[700°F to 1070°F (370°C to 575° C)].

44. Temporary repairs are repairs made to piping systems
in order to restore sufficient integrity to continue safe oper-
ation until permanent repairs can be scheduled and accom-
plished within atime period acceptable to the inspector or
piping engineer.

45. A test point is an area defined by acircle having a diam-
eter not greater than 2 inches (50 millimeters) for a line di-
ameter not exceeding 10 inches (254 millimeters), or not
greater than 3 inches (76 millimeters) for larger lines. Thick-
ness readings may be averaged within this area. A test point
shall be within a thickness measurement location.

46.Thickness measurementlocations(TMLs)arcdesignated
areas On piping systems where periodic inspections and
thickness measurements are conducted.

47. WFEMT stands for wet fluorescent magnetic-particie
testing.
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This appendix is reserved for future material to be appended to this document.

B-1
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APPENDIX C-TECHNICAL INQUIRIES

C.1 Introduction

API will consider written requests for interpretations of APl 570. APl staff will make
suchinterpretations in writing after consultation, if necessary, with the appropriatecommit-
tee officers and the committee membership. The API committee responsible for maintain-
ing API 570 meets regularly to consider written requests for interpretations and revisions
and to develop new criteria as dictated by technological development. The committee’s ac-
tivitiesin thisregard are limited strictly to interpretations of APl 570 or to the consideration
of revisions to APl 570 based on the new data or technology. As a matter of policy, APl
does not approve, certify, rate, or endorse any item, construction, proprietary device, or ac-
tivity; and accordingly, inquiries requiring such consideration will be returned. Moreover,
API does not act as a consultant on specific engineering problems or on the general under-
standing or application of the rules. If, based on the inquiry information submitted, it isthe
opinion of the committee that the inquirer should seek engineering or technical assistance,
the inquiry will be returned with the recommendation that such assistance be obtained.

All inquiries that do not provide the information needed for full understanding will be re-
turned.

C.2 Inquiry Format

Inquiries shall be limited strictly to requests for interpretation of APl 570 or to the con-
sideration of revisions to API 570 based on new data or technology. Inquiries shall be sub-
mitted in the following format:

a. Scope-The inquiry shall involve asingle subject or closely related subjects. An inquiry
letter concerning unrelated subjects will be. returned.

b. Background--The inquiry letter shall state the purpose of the inquiry, which shall be ei-
ther to obtain an interpretation of API 570 or to propose consideration of arevision to API

570. The letter shall provide concisely the information needed for complete understanding
of theinquiry (with sketches, as necessary) and include references to the applicable edition,
revision, paragraphs, figures, and tables.

¢. Inquiry-The inquiry shall be stated in a condensed and precise question format, omit-
ting superfluous background information and, where appropriate, composed in such a way
that “yes’ or “no” (perhaps with provisos) would be a suitable reply. Thisinquiry statement
should be technically and editorially correct. The inquirer shall state what he or she believes
API 570 requires. If in the opinion of the inquirer arevisionto APl 570 is needed, the in-
quirer shall provide recommended wording.

Submit the inquiry in typewritten form; however, legibly handwritten inquiries will be
considered. Include the name and the mailing address of the inquirer. Submit the proposal
to the following address: Director, Manufacturing, Distribution and Marketing Department,
American Petroleum Institute, 1220 L Street, N.W., Washington, D.C. 20005.

C

8Lt
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. APPENDIX D-EXAMPLES OF REPAIRS

D-I Repairs

Manual welding utilizing the gasmetal-arc or shielded metal-arc processes may be used.

When the temperature is below 50°F (10°C). low-hydrogen electrodes. AWS E-XX16 or
E-XX18, shall be used when welding materials conforming to ASTM A-53, Grades A and
B; A-106, Grades A and B; A-333; A-334; APl SL: and other similar material. These elec-
trodes should also be used on lower grades of material when the temperature of the material
is below 32°F (0°C). The piping engineer should be consulted for cases involving different
materials.

When AWS E-XX 16 or E-XX 18 electrodes are used on weld numbers 2 and 3 (see Fig-
ure D-I below), the beads shall be deposited by starting at the bottom of the assembly and
welding upward. The diameter of these electrodes should not exceed %: inch (4.0 millime-
ters). Electrodes huger that #: inch (4.0 millimeters) may be used on weld number 1 (see
Figure D-1), but the diameter shauld not exceed ¥» inch (4.8 millimeters).

The longitudinal welds (number 1, Figure D-1) on the reinforcing deeve shalt be fitted
with a suitable tape or mild steel backing strip (see note) to avoid fusing the weld to the side
wall of the pipe.

Note: | the original pipe along weld number 1 hasbeen checked thoroughly by ultrasonic methods and itis of suf-
ficient thickness for welding, a backing ship is not necessary.

All repair and welding procedures for on-stream lines must conform to APl Publica

2 .
(
A\

\Approprintegasket material

,T
[
’
-
[N

Figure D-l-Encirclement Repair Sleeve

{1ext continued on page D-2)

D-1
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D-2 Small Repair Patches .

The diameter of electrodes should not exceed %: inch (4.0 millimeters). When the tem-
perature of the base material is below 32°F (0°C). low-hydrogen electrodes shall be used.
Weaving of weld beads deposited with low-hydrogen electrodes should be avoided.

All repair and welding procedures for on-stream lines must conform to APl Publica-
tion 2201.

Examples of small repair patches are shown below in Figure D-2.

Size d the palch should not exceed Y the pipe diameter.
A full encirclement sleeve should be used If the corroded
areaexceeds'/zme diameter.

1’ minimum radius

I

[

/\@

Figure D-Z-Small Repair Patches
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APPENDIX E-EXTERNAL INSPECTION CHECKLIST FOR
PROCESS PIPING

E-1
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EXTERNAL INSPECTION CHECKLIST FOR PROCESS PIPING

Date I Inspected
Hem Inspocted By status

1. Leaks 1 | |
a. Process | i |

b. Steam Tracing | | |

c. Existing Clamps | | [--

2, Misalignment

a. Piping misalignment/restricted movement
b. Expansion joint misalignment

3. Vibration
a. Excessive overhung weight

b. Inadequate support

. Thin, small-bore, or alloy piping
d. Threaded connections

e. Loose supports cawing metal wear

4. Supports

a. Shoes off support | | |

b. Hanger distortion or breakage | 1 |

Bottomed out springs
. Brace distortion/breakage
. Loose brackets

Slide Eétes/rm's

Counter balance condition

Tlal~|o|al|e

Support corrosion

5. Corrosion

Bolting support points under clamps
Coating/Painting deterloration
Soil-to-air interface

Insulation interfaces

e. Biological growth’

alo|o|e

8. Insulation

a. Damage/penstrations
b. Missing jacketing/insulation
c. Sealing deterioration

d. Bulging
€. Banding (broken/missing)

E3
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American Petroleum Institute
1220 L Street Northwest

I Washington, D.C. 20005 L ) .
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DP&Vels

TABLE Il
Comparison of Refinetv Crude Unit Overhead Operating Conditions

{3) Low end of rangs corresponds 10 low ¢rude charge rate and high steam rates.

Pagel

1566 358 20 19 0.7-1.95 110-140 0 >100(2) 18-27 Sat.
2185 781 19 % 1.1 130 48 & 41 Undersat.
728 148 54 44 1.1 131 0 43 2% Undersat.
JEDD 285 100 42 8 0.81.3 117128 2 78->100 (1) BI7 Undersat.
RABI 2649 702 38 Intermitt. 1116 114177 4 100 16-24 (3) NA
Notes: {1) Range of velocities is upstream-downstream of water wash at stated overhead rates.
{2) Cormresponds o 54 MBPD net ovhid. product w/ fower fop pressure of 1.3 Kglem2.

Ivel



